Viscoelastic surfactants for conformance control
Citation for published version (APA):
van Santvoort, J. F. M. (2017). Viscoelastic surfactants for conformance control. [Phd Thesis 1 (Research TU/e /
Graduation TU/e), Mechanical Engineering]. Technische Universiteit Eindhoven.

Document status and date:
Published: 23/02/2017
Document Version:
Publisher’s PDF, also known as Version of Record (includes final page, issue and volume numbers)
Please check the document version of this publication:
• A submitted manuscript is the version of the article upon submission and before peer-review. There can be
important differences between the submitted version and the official published version of record. People
interested in the research are advised to contact the author for the final version of the publication, or visit the
DOI to the publisher's website.
• The final author version and the galley proof are versions of the publication after peer review.
• The final published version features the final layout of the paper including the volume, issue and page
numbers.
Link to publication

General rights
Copyright and moral rights for the publications made accessible in the public portal are retained by the authors and/or other copyright owners
and it is a condition of accessing publications that users recognise and abide by the legal requirements associated with these rights.
• Users may download and print one copy of any publication from the public portal for the purpose of private study or research.
• You may not further distribute the material or use it for any profit-making activity or commercial gain
• You may freely distribute the URL identifying the publication in the public portal.
If the publication is distributed under the terms of Article 25fa of the Dutch Copyright Act, indicated by the “Taverne” license above, please
follow below link for the End User Agreement:
www.tue.nl/taverne

Take down policy
If you believe that this document breaches copyright please contact us at:
openaccess@tue.nl
providing details and we will investigate your claim.

Download date: 09. Jan. 2023

Viscoelastic surfactants for conformance control
by Joris van Santvoort
Technische Universiteit Eindhoven, 2017
Copyright © 2017 J.F.M. van Santvoort
Cover design by Ollzha (iStock)
Printed by Gildeprint, Enschede, The Netherlands
A catalogue record is available from the Eindhoven University of Technology
Library
ISBN: 978-90-386-4226-0
This research was supported by Shell Global Solutions B.V.

Viscoelastic surfactants for conformance
control
PROEFSCHRIFT

ter verkrijging van de graad van doctor aan de Technische Universiteit
Eindhoven, op gezag van de rector magnificus, prof.dr.ir. F.P.T. Baaijens,
voor een commissie aangewezen door het College voor Promoties, in het
openbaar te verdedigen op donderdag 23 februari 2017 om 16.00 uur

door

Johannes Franciscus Martinus van Santvoort

geboren te Boxtel

Dit proefschrift is goedgekeurd door de promotor en de samenstelling van de
promotiecommisie is als volgt:
voorzitter:
1e promotor:
2e promotor:
leden:

prof.dr. L.P.H. de Goey
prof.dr. M.E.Z. Golombok
prof.dr.ir. J.J.H. Brouwers
prof.dr. D.G. Hatzignatiou (University of Houston
and University of Stavanger)
prof.dr.ir. C.P.J.W. van Kruijsdijk (TU Delft)
prof.dr.ir. D.M.J. Smeulders
prof.dr.ir. N.G. Deen

Het onderzoek of ontwerp dat in dit proefschrift wordt beschreven is uitgevoerd
in overeenstemming met de TU/e Gedragscode Wetenschapsbeoefening.
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Summary
Oil is recovered from subsurface porous reservoirs by injecting water to displace the hydrocarbons trapped inside the pores. Regulating the subsurface
spatial distribution of water flow is important for efficient production and
maximizing recovery. In most reservoirs this is a challenge due to spatial
variations in formation properties. These heterogeneous reservoirs consist of
zones with contrasting permeabilities and thus different flow resistances. High
permeability rock matrices or natural fractures act as preferential flow paths
through which the injected water will flow. Water reaches the production well,
leaving large sections of oil stranded in low permeability zones. Conformance
control aims to improve oil recovery by reducing the fluids lost through these
preferential paths. Small amounts of chemicals can be added to the water to
change the response of the fluid inside the reservoir. Surfactants at specific
concentration form worm-like micelles which change the fluid to a viscoelastic, non-Newtonian fluid. These viscoelastic surfactant (VES) solutions can
increase the resistance to flow in the preferential flow paths. This reduces the
amount of fluid lost and creates a more uniform sweep of the reservoir.
The VES fluids used for this work typically show a non-monotonic
shear-thickening/shear-thinning response in Couette flow. However, flow through a porous matrix is not solely dominated by shear rate. The viscoelastic
component of the fluid contributes and even becomes the dominant factor
controlling the flow. Measurements of the apparent viscosity during pressure
driven core flow experiments have shown that the pure shear viscosity can be
far exceeded during matrix flow. A clear distinction can be made between
shear-dominated flow and viscoelastic dominated flow. This distinction has
also been observed on a micro scale in a microfluidics device. The onset of
this transition is dependent on the flow rate and the pore size of the porous
media. In pressure driven flow the flow rate will be highest in a high permeability zones and thus will show a significantly higher viscoelastic response.
In heterogeneous reservoir flow the fluid would self-regulate and prevent fluid
loss due to the increased local fluid resistance in high permeability zones.

Tests have been performed in lab simulated heterogeneous reservoirs
and results show that the required amount of injected fluid can indeed be
reduced by using VES fluids. Furthermore the concentration can be adjusted
to achieve a different response and meet specific reservoir requirements. Even
preferential flow paths caused by the formation of natural fractures can be
weakened. A comparison of sandstone and carbonate samples indicates that
the biggest impact will be in water-wet reservoir rocks
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Chapter 1

Introduction
Oil continues to be a dominant factor in the global economy. It is still responsible for the biggest share in the energy mix (33% in 2015) [1]. The
rush towards a sustainable and environmentally friendly energy supply has
not halted the commitment to oil. Global oil consumption in 2015 grew by
1.9 million barrels per day, or 1.9%, which is well above the historical average
annual increase (1.0%). Even though there is a stagnation in oil consumption
in western countries (due to broadening of their energy mix), the high demand
from Asia boosts global consumption (figure 1.1). Oil production has grown
by 2.8 million barrels per day, or 3.2%, last year and it cannot keep up with
the growth in consumption on the long term [1]. Current estimates say that
there are sufficient reserves for the next 40 years however long term predictions
Production by region
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Figure 1.1: Oil production and consumption per region for 2015 in million
barrels per day [1]
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have proven to be unreliable [2].
The pressure of continuous consumption inflation, the increase in the
number of mature fields and the uncertainty of new reservoir discoveries has
forced breakthroughs in recovery technology [3]. The technological boundary
has been pushed forward in such a way that more reservoirs and a greater
fraction of each reservoir are now accessible for economical production. Unconventional oil and gas technology has opened up a broad range of fields
which were previously deemed non-profitable. Enhanced oil recovery (EOR)
technology is employed to increase the economic life-span of reservoirs and
maximize recovery. EOR however is usually expensive and the viability is
directly coupled to the current oil price. Historically, interest in EOR peaks
when oil prices are high and plummets when easy-access oil becomes available [4]. The current low price (average of $43 a barrel in 2016) however is
not caused by a sudden abundance in oil. Rather it is a result of politically
motivated over-production. Eventually the price of oil is expected to go up
and when this happens technology should be available to quench the world’s
thirst for oil. Therefore there is a continued interest in enhancing production
from existing and newly discovered reservoirs [5].
Oil recovery can be divided into roughly three stages: primary, secondary and tertiary oil recovery. Primary oil recovery is based on the naturally existing pressure difference between the reservoir and the surface which
drives the oil to producer wellheads. On average only approximately 5-15% of
the original oil in place (OOIP) is recovered after primary oil production [6].
When the natural drive can no longer support economic recovery rates the secondary oil recovery stage is initiated. Through strategically placed injection
wells water or gas is pumped into the reservoir. Reservoir pressure is artificially increased which allows for continued production. This process is called
water- or gas flooding. With immiscible gas flooding the injected gas and oil
remain a distinct phase where the gas displaces the oil as the non-wetting
phase. Water is used for the same purpose. Approximately 15-25% added
recovery is achieved during this stage [7]. The recovery potential is to a large
extent dependent on the characteristics of the reservoir and the properties of
the oil.
One of the major factors limiting oil recovery originates from the
heterogeneous structure of the reservoir rock matrix [8]. Most reservoirs consist of several different layers of rock with specific petro-physical properties.
One of these properties is permeability, the physical and mathematical defined property which indicates with what ease a fluid is transported through
a porous rock. When a reservoir has a large permeability disparity between
layers, preferential flow through high permeability streaks or ‘thief zones’ will

2
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Formation oil
+ water
Injector

Injected water
+ remaning oil
Producer

∼ 1000 m

∼ 10 m

Figure 1.2: Schematic overview of preferential flow between injector and producer well through high permeability thief zones. Equal pressure drop over all
layers results in more flow through the high permeability layer. Oil in the low
permeability layers becomes stranded

occur. Figure 1.2 shows a schematic overview of a heterogeneous reservoir.
Here oil/water flow through the high permeability layer is much higher than
through the low permeability layers. The resulting non-uniform sweep mainly
produces oil from the high permeability layers. Early water break-through occurs when the displacing water reaches the production well. The water-to-oil
ratio of the produced fluid will increase and injection fluid becomes ineffective
since it displaces little additional oil. The oil recovery efficiency decreases and
the cost of waste-water treatment increases. This in turn makes a barrel of oil
more expensive to produce. A well producing with a 80% water cut can have
a cost of water handling as much as $4 a barrel [9]. Often wells produce more
water than oil under waterflooding [10]. Furthermore, large sections of oil in
low permeability regions will become stranded. The economic lifespan of the
reservoir will decrease since production is halted early.
The problems associated with water-flooding are dealt with during
tertiary oil recovery. The techniques applied during this stage are often referred to as enhanced oil recovery (EOR). On average an additional 5-15% of
the oil is recovered from the reservoir [6]. Creating a more efficient sweep of
the reservoir is one of the goals of EOR. Conformance control aims to improve
recovery efficiency by diverting flow away from thief zones and thus reducing fluid loss through these high permeability layers [11]. To fully sweep the
reservoir with no fluid losses a uniform flow front is required, ideally with no
3
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loss in the production rate. Conformance control represents any technology
that contributes to improving this macroscopic sweep efficiency. Typically the
main goal of conformance control is to block high permeability zones and force
the injected fluid into the oil-rich low permeability zones. Employing these
techniques does not only yield a higher recovery. Creating a more effective
water drive also drastically reduces the water cut [11]. This in turn reduces
the cost of production, extending the economic lifespan of a reservoir.
Different technologies can be utilized for conformance control. Chemical examples are surfactant foams and polymer gels [12, 13]. The use of these
technologies however is not widespread since they are often expensive and
possess their own technical challenges. Polymers can get washed out (no penetration into low permeability rock) or even block low permeability zones as a
result of the large size of the polymer molecules compared to pore throats and
polymer adsorption [14]. Surfactant foams are hard to control and are viewed
as a relatively complex technology. Therefore a need has emerged for an easy
to control technology which can be applied for conformance control.
In 1980 it was hypothesized that a non-Newtonian shear-thickening
fluid could be employed for reservoir flooding in favor of shear-thinning fluids
(i.e. polymeric fluids) [15, 16]. This suggestion led to the idea of a fluid which
could self-regulate the flow through a heterogeneous reservoir by selectively
altering its viscosity. Based on flow conditions this fluid thickens, thus adding
flow resistance, in a high permeability layer whereas it does not affect flow
through low permeability layers. This selectively reduces the flow through
the high permeability layers and thus improves the macroscopic sweep of the
reservoir. A significant downside of a (hypothetical) pure shear-thickening
fluid arises near the well bore where shear rates are highest. The associated
high viscosity of the fluid would plug up the rock near the well and prevent
production.
Viscoelastic surfactant solutions (VES) have been identified as possible non-Newtonian fluids to improve the flow distribution in the reservoir
(conformance control) [17]. On one hand they show shear-thickening behavior
in the rock matrix on the other shear-thinning in and near the well bore. This
unique behavior makes VES a suitable candidate for a conformance control
fluid. The application of VES fluids for conformance control in porous media
however has not been extensively investigated. It nonetheless deserves further
attention since it has the potential to contribute to increase the efficiency of
oil recovery.

4
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Goal and outline
The goal of this thesis is to investigates the use of VES for conformance control and its possibility to prolong the economic lifespan of a reservoir. An
experimental approach is employed to see if these fluids can be applied for
this intended purpose.
Chapter 2 gives background information about current technology
applied in EOR and what physical phenomena are utilized to improve oil recovery. The potential of a self-regulating fluid for oil recovery is explained
as well as the proposed use for conformance control. In chapter 3 the theory behind flow through porous media is discussed and the difference between
non-Newtonian and Newtonian fluids is explained. Previous experimental research on non-Newtonian flow through porous media is reviewed. The physical
background and potential of VES fluids are considered in this chapter.
Chapter 4 describes the experiments and the procedures designed
to investigate the use of VES fluids for conformance control. The behavior
of the non-Newtonian fluid in porous media is investigated in single phase
experiments. The potential to increase recovery efficiency is explored in a
two-phase displacement experiment. Different surfactant concentration, types
of reservoir rock and temperatures are tested to further enhance our knowledge of these fluids. Behavior of the fluid on microscopic scale is investigated
in a microfluidics experiment. Analysis of the data gathered from the experiments is described in chapter 5. The results and the implications for reservoir
flooding are discussed here. Chapter 6 gives the conclusions of this work and
suggestions for future work.

5

Chapter 2

Enhanced Oil Recovery
The term enhanced oil recovery (EOR) is often used in the oil and gas industry.
Regularly the term is exploited in order to qualify oil recovery projects for a
favourable tax rate. A clear definition is given by Lake [18]. He states that
the following should be considered for a project to be classified as EOR:
• Injection of fluids which are not normally present in a reservoir
• Pressure maintenance or waterflooding are not included
• Tertiary oil recovery is not necessarily EOR
The first EOR projects were done in the 1950s [19] and nowadays
EOR is responsible for 2.5 million barrels of oil per day worldwide [20]. Most
of these project are set in the US (figure 2.1), but interest in EOR is growing
across the world [3]. An example is China, where EOR technology is tested in
Daqing oil field [21].

2.1

Current EOR technology

EOR strives to overcome the limitations of water- and immiscible gas-flooding
thereby improving the overall hydrocarbon recovery (ER ). The recovery is
defined at the amount of oil recovered relative to the amount of oil present in
the reservoir [18]:
ER =

NP
Cumulative oil produced
=
OOIP
Original oil in place

7
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Figure 2.1: Number of EOR projects in US based on the type of technology [2]
The recovery efficiency consists of two factors; the macroscopic, or
volumetric, displacement efficiency (EV ) and the microscopic displacement
efficiency (ED ) [22]:
ER = EV ED

(2.2)

The macroscopic displacement efficiency is a measure for how well
the displacing fluid reaches the oil-bearing parts of the reservoir. Once the
displacing fluid connects to the oil the microscopic displacement efficiency tells
how well the oil is mobilized from the pores. Both microscopic and macroscopic
scale displacements are targeted by EOR to increase recovery efficiency. These
displacement mechanisms will be considered further in the next section of this
chapter.

2.1.1

Microscopic displacement

Microscopic displacement efficiency (ED ) is concerned with the distribution of
oil blobs inside the porous media and the ability for them to move. The oil
saturation of the porous rock (So ) is used to quantify this displacement efficiency. By comparing the oil saturation before flooding (initial oil saturation,
Soi ) to the oil saturation after flooding (residual oil saturation, Sor ) a measure
can be found for the microscopic displacement efficiency [23]:
ED =

Soi − Sor
Soi
8

(2.3)
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The residual oil saturation is influenced by the interfacial tension
(IFT) between oil and water, the wettability of the rock and the capillary
pressure keeping the oil in place. These factors determine the amount of work
required to push the oil through the pores and how well the oil is displaced
from the rock. Residual oil remains when the viscous force acting on the oil is
not strong enough to overcome the capillary force (related to IFT) holding it
in place. A way to determine the effectiveness of this process is to look at the
capillary number. It is defined as the ratio between the viscous force acting
on the oil and the capillary force keeping it in place [24].
NC =

v·µ
σcos(θ)

(2.4)

In this equation v is the Darcy velocity, µ the viscosity of the displacing fluid, σ the IFT between the displacing fluid and oil and θ the contact
angle controlled by the wettability of the rock. When the capillary number
is high the viscous force pushing on the oil is strong enough to overcome the
capillary force holding it in place. A high capillary number is therefore required to reach low residual oil saturation levels and thus high microscopic
displacement efficiency [25]. Summarized data shows that compared to a typical water-flood, NC must be increased by at least a 1000 times to reduce
Sor by half [26]. Equation 2.4 shows that four methods can be employed to
improve displacement efficiency on the microscopic scale [24]:
• Increase Darcy velocity (v) of displacing fluid
• Increase fluid viscosity (µ) of displacing fluid
• Decrease IFT (σ) between displacing fluid and oil
• Alter wettability (θ) towards a more water-wet situation
As we previously stated, NC must increase with at least a factor
1000 to have a significant effect and IFT reduction is a viable strategy. Flow
velocity and fluid viscosity can not increase a 1000 times, production will
become impossible due to high pumping costs and low oil production rate.
Therefore the focus for enhancing microscopic displacement efficiency lies with
reducing IFT.
Wettability alteration is also a possibility to change the capillary
number. It has a significant affect on microscopic displacement efficiency.
This parameter describes whether oil or water preferentially wets the matrix
in a two phase immiscible system. It is controlled by the force balance between
the interfacial tension terms [27]. In a reservoir wettability controls which fluid
9
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wets the grains of the porous media (figure 2.2). It influences the capillary
pressure and the movement of oil inside the reservoir. In general water-wet
conditions are preferred since the oil will be in large pores where it can be
mobilized easily. Sandstone reservoirs are often water-wet or intermediate-wet
where carbonate reservoirs are usually oil-wet [28].
Oil-wet

Water-wet

Grains
Conate water
Oil

Figure 2.2: Wettability conditions at pore scale for oil-wet and water-wet case

Chemical EOR
Microscopic displacement can be improved using chemical EOR. Usually this
involves the application of surface active molecules called surfactants. Surfactants are a special type of molecules that have the possibility to alter the
interfacial (gas/liquid, liquid/liquid, solid/liquid) properties of a fluid system.
These medium- to long chained molecules consist of hydrophobic (repelled by
water) and hydrophillic (attracted to water) segments [29]. When dissolved
in a displacing fluid, these molecules will accumulate at the oil/water interface and lower IFT between the phases [2, 30]. The chemical properties of
the crude oil determine the effectiveness of this method in increasing the microscopic displacement efficiency. Besides lowering IFT, surfactants are also
applied to alter the wettability of the permeable matrix [28]. More favorable
water- or intermediate wet conditions can be achieved to aid recovery [29].
Other chemical flooding methods to increase microscopic displacement are polymer flooding and alkaline flooding. Polymeric fluids have elastic
properties which are thought to decrease the residual oil saturation by pulling
oil out of dead-end pores [31]. In practice however polymers are more suited
to increase macroscopic displacement efficiency which will be discussed in the
next section. Alkaline flooding produces surfactants in-situ where they react
with natural organic acids [32]. This reduces IFT and thus increases mi10
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croscopic displacement efficiency. In practise often a combination of all three
chemical flooding methods is utilized (alkaline/surfactant/polymer, ASP) [23].

Alternative EOR technology
With solvent flooding (or miscible gas flooding) a solvent is injected into the
reservoir which mixes with the oil. The result is a single phase with no interface. IFT therefore is eliminated (NC becomes ∞) and the residual oil
saturation is reduced to a minimum value [24]. Examples of fluids used for
this method are: CO2 , N2 , CH4 (lean and enriched with C2 - C4 hydrocarbons) and flue gas [7]. Cyclic lean natural gas injection is done to vaporized
different hydrocarbon components from the oil which increases hydrocarbon
production (stripping).
Heat is also utilized in heavy oil reservoirs to increase microscopic
displacement efficiency. Oil expands with increasing temperature which raises
the saturation level. Additionally, the decrease in viscosity mobilizes more oil
and thus results in a more efficient recovery [22].

2.1.2

Macroscopic displacement

Displacement of oil on the microscopic scale is relatively efficient (50-80%
during a water-flood [7]). Total recovery from a reservoir is generally much
less. This is due to limitations on the macroscopic scale. Macroscopic sweep
efficiency, or volumetric sweep efficiency, (EV ) describes what fraction of the
original oil in place is reached by the displacing fluid:
EV =

Oil reached by displacing f luid
Original oil in place

(2.5)

There are two factors mainly responsible for the macroscopic displacement efficiency; mobility ratio and reservoir heterogeneity. Besides these
two factors there is an effect originating from the density difference between
the displacing phase and the oil. This can cause a gravity override where the
lighter fluid flows over the heavier fluid inside the reservoir.

Mobility ratio
Most EOR attempts to improve the macroscopic displacement efficiency are
focussed on altering the viscosity of the displacing fluid. Lowering the mobility (ability to move in porous matrix) of the displacing fluid (e.g. water)
by increasing the viscosity creates a more stable flow front. In general the
viscosity of water is equal to or lower than the viscosity of oil, so there is a
need to boost the viscosity of water. The effect of the mobility can be assessed
11
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by using simple equations to model reservoir flow. The fractional flow of the
displacing fluid for two-phase immiscible reservoir flow (fdis ) is defined by the
volumetric rate of displacing fluid (qdis ) proportional to the total flow rate (q).
Note that the displacing fluid is not necessarily water.
fdis =

qdis
qdis
=
q
qdis + qoil

(2.6)

Here qoil is the volumetric rate of oil. Darcy’s law (discussed in
chapter 3) can be applied to find an expression for the fractional flow [33]:
fdis (Sdis ) =

1
1+

µdis κroil
µoil κrdis

=

1
1
1+ M

(2.7)

The relative permeability value κroil and κrdis are dependent on the
saturation level (Sdis ) and will be further discussed in chapter 3. The viscosity
of the displacing fluid µdis and the viscosity of oil µoil influence fractional flow.
The mobility ratio M is used to determine the macroscopic effectiveness the
flooding process:
M=

λdis
µoil κrdis
=
λoil
µdis κroil

(2.8)

In this equation λdis and λoil represent the mobility of the different
phases. The fractional flow equation can be implemented in the BuckleyLeverett equation [34]. This simplified material balance equation is used to
model two-phase immiscible flow through porous media:
∂Sdis
∂fdis
= −u
(2.9)
∂t
∂x
Figure 2.3 shows an example where the fractional flow of a displacing
fluid is given for a range of its saturation. To create a physical solution of the
model a shock front is used to find the saturation. The fractional flow is lowest
for a low mobility ratio (i.e. µdis > µoil ). A low fractional flow of displacing
fluid indicates that most of the flow is oil. This implies that the reservoir is
swept effectively since less displacing fluid is required to mobilize the oil.
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1



dis

<

oil

dis= oil
dis> oil

Fractional flow fdis [-]

0.8

0.6

0.4

0.2

0
0.2

0.4

0.6
Saturation Sdis [-]

0.8

1

Figure 2.3: Effect of the mobility ratio on fractional flow of the displacing fluid
based on equation 2.9
Besides an unfavorable fractional flow, an adverse mobility ratio can
also lead to viscous instabilities at the flow front. When the displacing fluid
has a higher mobility than the hydrocarbon phase, finger-like fluid paths form
(figure 2.4). Once these preferential flow paths are formed the displacing fluid
will flow straight to the producer well. This phenomenon is called viscous
fingering and is addressed by altering (reducing) the mobility ratio [35, 36].
M > 1

Water
Oil

Figure 2.4: Viscous instabilities at the oil/water interface cause finger-like flow
paths to occurs in the reservoir which bypass large sections of oil

Reservoir heterogeneity
In addition to mobility ratio, macroscopic sweep efficiency is affected by reservoir heterogeneity. An oil reservoir is an inhomogeneous structure with layers
13
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of different permeability. These variations in permeability cause preferential
flow paths through the reservoir [37, 38]. They are often referred to as ‘thief
zones’ since they cause a non-uniform flow profile (figure 1.2) and divert flow
away from oil rich low permeability areas. The origin of these ‘thief zones’ lies
with two sources:
• High permeability rock matrices
• High conductivity fractures
It is possible to analyse the effect of reservoir heterogeneity on reservoir flooding by applying the Dykstra-Parsons method. This method assumes
linear, piston-like flow of incompressible fluids through different homogeneous
layers without cross-flow [39]. A reservoir is built up out of N layers with
different properties (figure 2.5).
∆P
L

layer N :

Injection

κN

φN

layer i :

κi

φi

layer 1 :

κ1

φ1

AN

Ai

A1

∆SN

∆Si

Mi0

∆S1

0
MN

Production

M10

Figure 2.5: Representation of a heterogeneous reservoir used by the DykstraParsons method
Each layer (i) of length L has a constant pressure drop ∆P . The
relevant parameters in each layer are: absolute permeability (κi ), porosity
(φi ), frontal area (Ai ), recoverable oil (∆Si ) and end-point mobility ratio
(Mi0 ). The recoverable oil is defined as the difference between the initial oil
saturation (Si,oi ) and the residual oil saturation (Si,or ):
∆Si = Si,oi − Si,or

(2.10)

In contrast to the Buckley-Leverett equation the fluid (oil) displacement is assumed to be piston-like. This means that the saturation level
instantly changes from initial oil saturation to residual oil saturation once
a region has been swept. Therefore the end-point relative permeabilities
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(κ0i,rdis ,κ0i,roil ) are used to determine the mobility ratio (Mi0 ). This variable
controls the flow of different fluids through the reservoir:
Mi0 =

λ0i,dis
λ0i,oil

=

µoil κ0i,rdis
µdis κ0i,roil

(2.11)

A schematic representation of a single layer in the reservoir model
can be seen in figure 2.6. The gray area represents the oil rich section of the
layer whereas the white area has already been swept by the displacing fluid.
All the mobile oil (∆Si ) is removed once a section is swept by the displacing
fluid.
∆Pi,oil

∆Pi,dis
Injection

(Si,or )

xi

Production

(Si,oi )

L

Figure 2.6: Representation of a single homogeneous layer for the DykstraParsons method
The pressure drop (∆Pi ) over a layer consists of two parts; the contribution of the injected fluid and that of the mobile oil present in the reservoir:
∆Pi = ∆Pi,dis + ∆Pi,oil

(2.12)

This expression for the pressure drop is used in combination with
Darcy’s law to find an equation for the position of the flow front (xi ) in each
layer. The flow front position indicates what part of the reservoir has been
swept and is thus a measure for the volumetric sweep efficiency. For convenience this flow front position is normalized using the length of the reservoir:
xi
(2.13)
L
The problem is further simplified by relating the frontal flow position
to a reference layer (R). Every flow front position in the reservoir is now related
to the position of the flow front in the reference layer rather than a point in
time. The reference layer has the highest fluid conductivity (KR > Ki ) and
thus full sweep will be reached first here, i.e. break-through of the displacing
fluid.
Xi =
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Ki =

ki λ0i,dis

1

φi ∆Si 1 + Mi0

(2.14)

The result is an expression for the normalized flow front position (Xi )
(full derivation can be found in Appendix A) [40]:

Xi =

Mi0

−

q

Mi0

2

+ Fi 1 − Mi0
Mi0

 2


XR 1 − MR0 + 2MR0 XR

−1



1  2
Xi = Fi XR
1 − MR0 + 2MR0 XR
2


for Mi0 6= 1
(2.15)


for Mi0 = 1

(2.16)

with Fi the conductivity relative to the reference layer:
Fi =

ki φR ∆SR λ0i,dis
kR φi ∆Si λ0R,dis

(2.17)

Once break-through has occurred in the reference layer (i.e. XR = 1),
then the layer which has the second highest conductivity Ki becomes the
reference layer. Even though the original reference layer has been broken
through and there is still fluid flowing through. Therefore a virtual flow front
is calculated to assess the amount of fluid that is lost after break-through has
been reached, i.e. we estimate a position beyond the end of the reservoir to
which the flow would have advanced. This enables us to estimate how much
displacing fluid has been injected. The flow front position after break-through
is:

Xi =

 1  2


1
1 − Mi0 + Fi XR
1 − MR0 + 2MR0 XR
2
2

(2.18)

The (virtual) flow front position in each layer during the reservoir
flooding process can be found using these equations. The total macroscopic
recovery (EV ) and amount of injected pore volume (P V ) can subsequently be
found (see Appendix A).
The Dykstra-Parsons model for reservoir flow can be applied to heterogeneous reservoir flooding. Heterogeneity of oil reservoirs is typically quantified using the Dykstra-Parsons coefficient of permeability variation:

16

CHAPTER 2. ENHANCED OIL RECOVERY

V =

κ50 − κ84.1
κ50

(2.19)

Here κ50 is the median permeability and κ84.1 the permeability at
84.1% probability. To visualize the effect of reservoir heterogeneity two hypothetical reservoirs consisting of 25 layers with varying permeability are
modelled. One represents a relatively homogeneous reservoir (V = 0.5) and
the other a more heterogeneous reservoir (V = 0.7) (reservoir data is based
on [41]). Other than the permeability distribution the properties for both
reservoirs in the model are the equal. The result can be seen in figure 2.7
where the recovery curves from two different reservoirs are plotted.

Recovery [-]

1

Heterogeneous reservoir
Homogeneous reservoir
Ideal displacement

0,5

0
0

1
Injected volume [PV]

2

Figure 2.7: Recovery from hypothetical homogeneous and heterogeneous reservoir using the Dykstra-Parsons method [41]

Ideally only 1 movable PV of displacing fluid is injected to fully
sweep the reservoir (dashed line). However, this is limited primarily by reservoir heterogeneity. Figure 2.7 shows that reservoir flooding in a homogeneous
reservoir is more efficient than in a heterogeneous reservoir. Less injected volume is required to reach a certain recovery since less fluid is lost through high
permeability layers. When production is halted (after injection of 2 PV) the
total recovery is higher for the homogeneous reservoir. EOR on the macroscopic scale strives to improve these recovery characteristics and ultimately
recover more oil at a reduced injected volume.
17

CHAPTER 2. ENHANCED OIL RECOVERY

Chemical EOR
The most common chemical EOR technology to increase displacement efficiency on the macroscopic scale is polymer flooding [42, 43]. Polymers are
added to the water which increases the viscosity of the displacing fluid (µdis >
µoil ). This decreases the mobility ratio and increases sweep efficiency [44].
Furthermore, the effect of viscous fingering is reduced. Polymer solutions are
not only useful for mobility control. They can also contribute to solving the
challenge of reservoir heterogeneity. High viscosity polymeric fluids improve
displacement efficiency in heterogeneous reservoirs by increasing flow resistance in flooded zones. Also cost effective polymer gelants are injected into
‘thief zones’ which block these zones. Subsequently, flow is diverted into low
permeability layers [14, 45]. A schematic representation can be seen in figure 2.8. For the same purpose surfactants foams are applied. These foams
alter the mobility ratio and divert flow into low permeability zones, like polymer gelants. However, as is the case with polymers, surfactant foams prove
challenging to utilize [46–48].

Unswept formation
oil + water

Swept formation - Injected
water + remaining oil

Polymer gelant plug

Thief zone

Figure 2.8: Example of polymer gelant use for conformance control to counter
early water break-through in ‘thief zones’

Alternative EOR technology
Well placement, infill drilling and the use of horizontal wells have been applied
to improve macroscopic displacement efficiency [2]. Selective plugging of high
permeability zones is also done with microbial biomass [49]. Lastly thermal
methods are employed to reduce the viscosity of oil and improve the total
sweep efficiency.
18
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2.2

Focus of work

The challenges of reservoir heterogeneity and fluid loss through ‘thief zones’
are difficult to overcome with conventional EOR technology. Most available
methods require extensive geological knowledge of the reservoir and precise
execution. The focus of this work is on finding a technology which can passively
reduce the flow through high permeability zones by selectively increasing the
local flow resistance in these low resistance zones.
An example can be seen in figure 2.9. The light blue area shows
the section of the reservoir swept by water-flooding. The high permeability
zone acts as a ‘thief zone’ and early water break-through occurs here. As a
result large sections of oil are stranded in the low permeability zones. When
a self-regulating fluid is injected the flow resistance in these ‘thief zones’ increases. Flow through this layer is reduced and a more uniform flow profile is
created. This allows the displacing fluid to contact more of the oil in the low
permeability layers before break-through is reached.
Unswept formation
oil + water

Swept formation
injected water +
remaining oil

Injector

Swept formation
injected VES +
remaining oil

Producer

∼ 1000 m

∼ 10 m

Figure 2.9: Schematic overview of preferential flow of water (light blue) between injector and producer well through high permeability ‘thief zone’. Selective reduction in flow velocity (red arrows) will create a more uniform flow
profile when a self-regulating fluid (dark blue) is injected instead of water
When (enough) self-regulating fluid is injected into the reservoir,
break-through will eventually occur in the high permeability layer (figure 2.10).
However, compared to the water-flooding case in figure 2.9, now a considerably larger section of the reservoir has been swept and at the cost of much less
injected displacing fluid.
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Swept formation
injected VES +
remaining oil

Unswept formation
oil + water

Injector

Producer

∼ 1000 m

∼ 10 m

Figure 2.10: Schematic overview of reduced preferential flow between injector and producer well through high permeability ‘thief zones’ when a selfregulating fluid is used. Once break-through occurs a large section of the
reservoir is flushed at a reduced amount of injected fluid
Sweep improvement will have several benefits for the reservoir operator which will all contribute to prolonging the economic lifespan of the
reservoir:
• Less injected displacing fluid is required to sweep the reservoir reducing
operation costs
• More oil can be produced within the economic lifespan of the oil reservoir
• Average oil/water ratio at the producer well is reduced lowering postproduction costs
• Detailed spatial knowledge of the reservoir is not required, fluid is spatially self-regulating
• Environmental regulations are more easily met through reduced water
production
• Reduction in pumping cost and equipment size
It is debatable whether this new technology should be considered as
EOR. Although all the criteria stated in the beginning of this chapter are met
it is distinctively different to most other chemical EOR technologies. Ideally
self-regulating fluids are applied directly after primary oil recovery completely
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replacing water-flooding as the secondary recovery stage. Therefore it might
be better to classify it as improved waterflooding (IW) or improved oil recovery
(IOR). However, since it is specifically stated that EOR does not necessarily
means tertiary oil recovery, in this work these self-regulating fluids will be
classified as EOR.

Viscoelastic surfactant fluids
The unique behavior required to self-regulate flow inside a heterogeneous reservoir is found in a novel class of surfactants. These surfactants, normally applied for their potential to reduce interfacial tension (IFT) [2, 30], can be used
to selectively enhance viscosity [50]. In the next chapter we show that these
surfactant solutions are an ideal candidate to serve as self-regulating displacing
fluids for heterogeneous reservoir flooding.
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Fluid engineering
3.1

Aim

In the previous chapter it was concluded that a self-regulating fluid has the
potential to increase oil recovery from heterogeneous reservoirs. This fluid is
required to have a high viscosity in high permeability regions and a low viscosity in low permeability regions. Therefore the fluid should be non-Newtonian,
i.e. the viscosity is non-constant and dependent on flow conditions. The desired rheological behavior can be seen in figure 3.1. The viscosity linearly
correlates with the permeability inside the reservoir (red line). In this ideal
scenario the non-Newtonian fluid shows a viscosity difference between layers
which compensates for the difference in permeability. As a result the flow
velocity (represented by the arrows) in each layer is equal and the flow front
is uniform. This is in contrast to the Newtonian case where the flow velocity
in the high permeability layer is much higher (blue line).
A second requirement is that the viscosity needs to decrease in and
near the well-bore for efficient injectivity and recovery. Shear-thinning fluids,
like polymers, provide this particular behavior. These fluids thin in and near to
well-bore for improved injectivity. However, this behavior leads to an adverse
effect during matrix flow. Shear-thinning (i.e. viscosity decrease) would occur
in the high permeability layer, whereas the fluid would not be affected in the
low permeability layer. The decrease in viscosity in the high permeability zone
would result in additional preferential flow [51]. Even though purely shearthinning fluids are not suitable for conformance control, the concept of using
flow properties to alter the viscosity of fluids is.
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Well bore

Reservoir matrix

µhi

Viscosity

Flow profile

µlow

µlow

Low permeability

µhi

High permeability

µlow

Low permeability

µwell

µN ewt

Permeability

Figure 3.1: Desired in-situ behavior of fluid for conformance control in a
schematic heterogeneous reservoir. Viscosity disparity between layers counters the effect of preferential flow. Ideally flow velocity in each layer is equal
and reservoir sweep is uniform

3.2

Darcy’s law

Darcy’s law governs single phase flow of Newtonian fluids through porous
media (equation 3.1). It is the most simple method to describe porous flow.
Even though it is an empirical relation by origin, it can be derived using the
Navier-Stokes equation. The superficial Darcy velocity (v) through a porous
medium is directly proportional to the pressure gradient (dP/dz) [52]. Porous
flow is therefore considered as potential driven flow:
v=

Q
κ dP
=−
A
µ dz

(3.1)

In this equation the Darcy velocity is the discharge per unit area.
The actual flow velocity inside the porous media is much higher because the
porosity (φ) is not taken into account. The interstitial velocity (u) is the real
velocity with which the fluid travels through the interstitial pores:
u=

v
φ

(3.2)

For Darcy’s law to be valid, flow should be incompressible, laminar,
purely viscous and Newtonian [53]. The validity of Darcy’s law for Newtonian
fluids can be checked using the Reynolds number. The Reynolds number
describes the ratio between the inertial and viscous forces and is given by [10]:
Rep =
24

ρuD
µ

(3.3)
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The representative length D in this equation is difficult to quantify
due to the inhomogeneous structure of the porous rock. One suggestion is to
correlate it to the permeability and porosity [54]:
D=

p
κ/φ

(3.4)

Darcy’s law is valid when the flow is dominated by viscous forces
(i.e. Re 6 1). This is called the creeping flow regime which is the flow regime
during reservoir flooding.

3.3

Recovery properties

An oil reservoir consists of porous rock bearing hydrocarbons. For an oil
reservoir to be economical it requires to be permeable, i.e. hydrocarbons need
to be able to flow [55]. Several intrinsic reservoir properties determine the
potential of an oil reservoir. These will be discussed in this section.

3.3.1

Porosity and saturation

Porosity (φ) is defined as the total volume of void space (Vv ) divided by the
total volume of the medium (void space (Vv ) plus solid matrix (Vs )). It is a
measure for the potential amount of fluid inside a reservoir. Average porosity
ranges from 0.1 to 0.3 but can be as high as 0.7 dependent on the reservoir
rock e.g. siliciclastic and carbonate [55].
φ=

volume void space
Vv
=
total volume medium
Vv + Vs

(3.5)

The fluid saturation of a specific fluid (i) is represented by Si and
gives the fraction of the pores occupied by the volume of the fluid (Vi ).
Si =

3.3.2

Vi
Vv

(3.6)

Permeability

The permeability of a reservoir determines how easily a fluid flows through
it. The SI unit is m2 , however these values are usually very small. Therefore
the unit of measure most used for the permeability is the Darcy (D) which
is approximately equal to 10−12 m2 . Permeability is used for a number of
different properties of a reservoir. The matrix permeability describes how well
a fluid flows through the pores. The relative permeability is used to correct
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the permeability of a phase when it flows in a multi-phase system. Fracture
permeability is a measure for the flow resistance inside natural fractures.

Rock matrix
Pore shapes and sizes differ a great deal inside a reservoir which creates a highly
complex structure. The way these pores are interconnected determines how
easily a fluid can flow through. The matrix permeability (κm ) of a reservoir
is used to quantify the resistance to flow. Permeability is foremost dependent
on the pore size. Porosity (in combination with the oil saturation) determines
the total amount of oil inside the porous medium, but not necessarily the ease
with which it flows. High permeability rock does not always contain large
volumes of oil, just as low permeability rock does not necessarily bear only
small volumes of oil. Permeability is mostly decided by the connectivity of the
pores and the amount of ’dead-end’ pores (figure 3.2).
There are several models available to simplify the complex structure
of a porous media. The hydraulic radius model replaces the complex structure
by a bundle of tubes with hydraulic radius Rh [52]. Combining the law of
Hagen-Poiseuille for tube flow and Darcy’s law leads to an expression for the
theoretical permeability of a porous media:
φRh2
(3.7)
8
Other semi-empirical correlations are available which estimate the
permeability. These are mostly based on porous media properties such as
grain size and tortuosity. An example is the Kozeny-Carman equation [56]
which is based on flow through a packed bed of uniform spheres with a particle
κm =

Vv

Vs

Figure 3.2: Two dimensional representation of a porous medium with dead-end
pores (red squares). These dead ends do not contribute to the permeability of
the porous rock
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diameter (Dp ):
κm =

Dp2
φ3
180 (1 − φ)2

(3.8)

Fractures
Some oilfields contain natural fractures which greatly influence reservoir flow.
As previously mentioned these fractures cause preferential flow paths and early
water break-through [57]. The permeability of the fracture depends on the
width of the fracture (wf ) and can be extremely high (∼ 100 D) [58]. Based
on a straight channel the permeability of a fracture is:
κf =

wf2

(3.9)
12
The total permeability of the fractured reservoir rock (κtot ) is a
combination of the matrix permeability (κm ) and the fracture permeability
(κf ) [59]. The derivation of this relation can be found in Appendix B.
κtot = κm (1 − φf ) + κf φf

(3.10)

Since the entire volume of the fracture is void space, the intrinsic
porosity is 1.0. The volumetric contribution of the fracture (φf ) to the total
reservoir porosity is very low and is defined as the void space of the fracture
over to the volume of the total volume of the medium:
φf =

Vf
void space f racture
=
total volume medium
Vf + Vs + Vv

(3.11)

Relative permeability
Recovering hydrocarbons from a reservoir is a multi-phase problem. The permeability in equation 3.1 is only valid when the porous media is fully saturated
with a single phase. This permeability is therefore referred to as the absolute
permeability (κi ). When we consider a system with two phases (e.g. water
and oil), the absolute permeability does not suffice. Both phases flow through
the porous media and respond differently to the reservoir properties and each
other [60]. The relative permeability (κri ) is a dimensionless parameter which
describes the conductivity of one phase (i) in a multiple phase system [56]. In
other words, oil and water affect the ability of the other phase to flow through
the reservoir and the relative permeability corrects for this.
27

CHAPTER 3. FLUID ENGINEERING

κrw (Sw ) = −

vw µw dz
κi dP

(3.12)

κro (So ) = −

vo µo dz
κi dP

(3.13)

Relative permeability factors are not constant during the flooding
process. Rather they are dependent on the saturation of the specific phase
(Si ) which changes over time. There are several methods to determine the
relative permeability of the different phases during reservoir flooding. Often a
Corey-type model is used which takes the wettability of the rock into account
[61]. The resulting relative permeability curves are employed in combination
with the Buckley-Leverett frontal advance theory to predict the efficiency of
reservoir flooding [62].

3.3.3

Viscosity

Newtonian fluids (e.g. water and oil) have a constant viscosity independent
of the rate of deformation and shear rate. Only physical parameters such as
temperature and pressure can change this value [53]. Generally the viscosity
of liquids decreases with temperature and increases with pressure. Viscosity is
a measure for the resistance to flow and is used for the viscous contribution for
the momentum transport in a fluid. The momentum transport describes the
total acceleration of a fluid element based on the pressure, viscous stress tensor
(τ ) and gravity. For an incompressible Newtonian fluid the stress is linearly
dependent on the local rate of deformation (τ = µε̇) and can be expressed as
follows:


∂vj
∂vi
τ =µ
+
(3.14)
∂xj
∂xi
For steady state tube flow most terms in ε̇ become zero and only the
shear components perpendicular to the flow remain (equation 3.14). In the
case of complex flows, such as flow through porous media, these are non-zero
and contribute in the viscous stress tensor [63].
When a Newtonian fluid flows through a porous media, Darcy’s law
can be applied with a constant viscosity independent of flow rate. A Newtonian fluid has a purely viscous response to deformation; the stress on a fluid
element vanishes once the strain rate is reduced to zero. However, with a
non-Newtonian fluid (e.g. polymer and VES) the viscosity is not constant and
depends on the rate of deformation and time. Even though this is the case, historically the shear rate is used to predict the behavior of these non-Newtonian
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fluids in porous media [64].

3.3.4

Shear rate

Shear rate is defined as the rate of change in velocity between adjacent fluid
layers. In the case of simple capillary flow (figure 3.3) the shear rate is given
by equation 3.15 when using cylindrical coordinates.
γ̇ =

duz
dr

(3.15)

r =R
uz (r)

r

z

r =0

Figure 3.3: Poiseuille flow through tube
The shear rate in a porous medium is not constant. It varies even
inside single pores due to the complexity of the flow field. One way to estimate
the shear rate in porous media is by making use of the hydraulic radius model
(equation 3.7). This model can be coupled to the wall shear rate in a capillary
tube with diameter R under Poiseuille flow. Flow velocity inside these tubes
is given by:
u (r) =


1 dP
R2 − r 2
4µ dz

(3.16)

From equation 3.16 the shear rate in a capillary tube can directly be
calculated via:
γ̇ = −

r dP
2µ dz
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Equation 3.17 can be used to find the shear rate in a porous media.
The hydraulic radius model gives a relation between the hydraulic radius (Rh )
and the absolute permeability (κ). The wall shear rate in a capillary is chosen
as the representative value for the shear rate in porous media (r = R = Rh )
[65]:
r
Rh dP
2κ 1 dP
γ̇p = −
=−
(3.18)
2µ dz
φ µ dz
For non-Newtonian behavior a variable is placed in front of this equation to compensate for the non-linearity of the viscosity. Darcy’s law (equation
3.1) is applied to find the dependence of the shear rate on Darcy velocity (v)
in a porous medium:
r
r
2κ 1 dP
2
γ̇p = −f (n)
= f (n)
v
(3.19)
φ µ dz
κφ
Here f (n) is an empirically determined function which accounts for
the non-linearity of the viscosity for non-Newtonian fluids. Equation 3.19 can
be applied for fluid flow in heterogeneous reservoirs [66]. At equal Darcy velocity (v) with the permeability (κ) the only parameter varying between layers,
the shear rate is proportional to 1 over the square root of the permeability:


1
γ̇p ∝ √
(3.20)
κ v
However, the Darcy velocity in each layer is not equal in heterogeneous reservoirs. Reservoir flow is pressure driven flow. To simplify the
problem we can assume that the pressure gradient is equal for all layers of the
heterogeneous reservoir. Therefore at equal pressure gradient the shear rate
in each layer is proportional to the square root of the permeability:
γ̇p ∝

√ 
κ dP /dz

(3.21)

The relationship between the shear rate and the permeability in pressure driven flow implies that there is a higher shear rate in layers of higher
permeability. In a low permeability layer a low shear rate is expected at equal
pressure gradient. Fluid flowing through ‘thief zones’ (where permeability is
highest) will therefore experience the highest shear rate. This property of
reservoir flow can be utilized for conformance control with non-Newtonian
fluids [66]. This will be the subject of the next section.
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3.4

Non-Newtonian fluids

A fluid is considered to be non-Newtonian when there is a non-linear relationship between stress and strain and/or when there is an initial yield
stress requirement [67]. In contrast to Newtonian fluids, the viscosity of nonNewtonian fluids is not constant and depends on the shear rate. Figure 3.3
shows that the shear rate varies across a tube making the viscosity challenging to calculate. Porous flow is more complex and therefore it is even more
complicated to predict non-Newtonian fluid behavior.
Commonly non-Newtonian fluids can be categorized into three different groups [68] (however most fall into more than one category).
• Purely viscous and time-independent fluids
• Time-dependent fluids
• Viscoelastic fluids

3.4.1

Rheology

Time-independent fluids
Time-independent fluids are not affected by hysteresis effects and show no
elastic contributions. The most important characteristic which defines the
behavior of these fluids is the shear rate. The two most common types of
time-independent fluids are shear-thinning and shear-thickening fluids (figure
3.4). Shear-thickening (dilatant) and shear-thinning (pseudoplastic) respectively increase and decrease in viscosity with shear rate. Most of these shear
dependent fluids exhibit Newtonian behavior at low and high shear rate. The
non-Newtonian part typically follows a power-law function:
µ (γ̇) = K · γ̇ n−1

(3.22)

In this equation n is the power-law exponent and K the flow consistency index. For Newtonian fluids n = 1, for shear-thinning fluid n < 1 and
for shear-thickening fluids n > 1. For a Power-law fluid a large area of behavior follows the monotonic curve prescribed by equation 3.22. Other models
used to relate the viscosity of different non-Newtonian fluids to the shear rate
are the Ellis model, Carreau model and Herschel-Buckley model [69]. Besides
a dependence on shear rate these fluids also have a viscosity which depends
on the strain rate, the elongational viscosity.
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Shear Thickening
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Shear Thinning
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Figure 3.4: Log-log plot of viscosity vs shear rate for three types of fluids

Time-dependent fluids
Sometimes the rheological behavior of fluids cannot just be expressed by a
stress/strain relationship. Some fluids are also impacted by the time-span of
deformation. These are time-dependent fluids and can consist of two classes;
thixotropic (work softening) and rheopectic (work hardening) fluids.

Viscoelastic fluids
The last category of non-Newtonian fluids are viscoelastic fluids. These fluids
show both viscous and elastic behavior dependent on flow and fluid conditions.
The elastic component of the flow reveals a deformation memory effect where
the fluid ”remembers” its original shape. When stress is eliminated from a fluid
element it shows partial elastic recovery [67]. Therefore these fluids are at any
time influenced by their recent deformation history. The elastic component
of the flow also allows energy to be temporarily stored and gradually released
with time. The time it takes for a fluid to fully relax whilst under constant
strain conditions is called the relaxation time. The impact of these effects
show during flow through porous media where it has been noticed to cause a
shear-thickening effect at high flow rates [70].
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As previously mentioned, fluids can show all three types of fluid behavior. A well known example in the oil and gas industry are viscoelastic
polymers. These are shear-thinning in Couette flow and exhibit viscoelastic
behavior under specific conditions. Understanding the behavior of these fluids
in porous media has been an important subject for many years due to their
significance for EOR.

3.4.2

Porous flow

Historically the flow of non-Newtonian fluids in porous media is predicted by
looking at the shear dependence of the fluid (e.g. power-law behavior) in a
Couette cell. However, the shear rate in the pores varies making it challenging
to predict viscosity. Furthermore, as discussed in the previous section, nonNewtonian fluids in porous media are not solely characterized by their shear
response. Most polymer fluids used in oil recovery are time-dependent and
show viscoelastic behavior.
To analyse the effect of these properties the apparent viscosity (µapp )
is introduced. This parameter gives the average macroscopic behavior of the
fluid inside the porous media. The apparent viscosity can be measured experimentally using Darcy’s law (equation 3.1). Most studies consider the apparent
viscosity as a combination of the shear viscosity (µsh ) and the extensional viscosity (µex ) [70–72]. However, recent work on polymer flow suggests that
elastic turbulence causes significant fluid resistance even at very low Reynolds
numbers [73, 74]. An extra term (µel ) is therefore added to take the elastic
effect into account [75].
µapp = µsh + µex + µel

(3.23)

Viscoelastic polymers
For Newtonian and inelastic non-Newtonian fluids the apparent viscosity observed in porous flow can be reasonably predicted by looking at simple shear
flow. A typical example used in EOR is Xanthan gum, a non-Newtonian
shear-thinning fluid with no viscoelastic behavior [76, 77]. However, it has
been experimentally proven that viscoelastic polymers behave rather differently. These fluids can exhibit a higher apparent viscosity in porous flow than
predicted by Couette flow [70, 76, 78]. Typical experimental results can be
seen in figure 3.5. The apparent viscosity at low to moderate flow rates, and
thus shear rates, is dominated by the shear response (shear-thinning for most
polymeric fluids). It follows the rheology derived from Couette flow [77]. However, once the flow rate reaches a critical value the apparent viscosity exhibits
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Shear dominated region

Viscoelastic dominated region

Apparent viscosity

Porous flow

Viscoelastic resistance

Couette flow

Flow rate

Figure 3.5: Rheological behavior of polymeric viscoelastic shear-thinning fluid
(HPAM) in pressure driven flow through porous media (solid line) and in
Couette flow (dotted line) [70]

a rapid increase. This shear-thickening behavior is caused by an increase in
elasticity and the resulting enhanced elongational viscosity [67,79]. Figure 3.5
shows a seemingly sudden transition from shear to viscoelastic dominant flow.
This sudden rise in elasticity is a consequence of the properties of both the
fluid and the flow conditions.
As an intermediate step between Couette flow and matrix flow, pressure driven capillary flow is often used to predict the behavior of polymeric
fluids. However, only the shear contribution to apparent viscosity is then
investigated. When a polymer passes through a porous media it undergoes
several contraction/expansion cycles (figure 3.6). This is due to the converg-

Lc
u

Figure 3.6: Converging/diverging flow of viscoelastic fluid through idealized
porous media
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ing/diverging geometry of a porous media. The time a fluid element has to
relax after passing such a throat is called the characteristic time (τc ) of the
porous media (figure 3.6) defined as:
Lc
(3.24)
u
The stress relaxation time of the fluid element (τr ) is defined as the
time it takes for a fluid element to relieve all stresses (figure 3.7). In porous flow
the polymer chain gets deformed resulting in a stretched state. This stretched
state is not at equilibrium and with enough time (relaxation time τr ) the
polymer will deform back to its original state. When the stress relaxation time
is shorter than the characteristic time scale of the porous media, the viscous
component of the flow is dominant [70]. However when a fluid element cannot
fully relax after contraction and the polymer molecules remain extended when
the flow converges, the fluid becomes significantly more elastic. Not only does
this increase the resistance due to elastic turbulence, it also results in a stronger
contribution of the elongational viscosity. Both affect the flow through porous
media and lead to a shear-thickening behavior in porous media. This effect is
more significant in porous media with higher tortuosity and contrast between
the body and radius of the pores [70].
τc =

Relaxation time (τr )

Flow

Stretched

Coiled

Figure 3.7: Polymer configured as a coil at rest. Through flow induced deformation the polymer configuration changes to a stretched state. Stress relaxation back to the original state after relaxation time τr
A way to characterize the onset of elastic behavior in porous media
is by making use of the Deborah number (De):
De =

τr
τc

(3.25)

This dimensionless number is the ratio between the fluid relaxation
time (τr ) and the characteristic time scale (τc ) of the porous media [78]. The
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characteristic time of the porous media depends on the pore size of the porous
medium. The fluid relaxation time can be found through oscillatory rheometry
and it depends on molecular weight, concentration and temperature [72, 80].
The Deborah number can be used to predict trends for the flow of viscoelastic
fluids in porous media [81]. Three different regimes can be defined based on
the flow through porous media conditions:
• De  1: At very low flow rates (and thus Deborah number) the fluid has
enough time to respond to local deformation since the relaxation time of
the fluid is much less than the characteristic time of the porous media.
Before the next distortion the fluid can relieve all stress and the polymer
can return to its original state. There is no viscoelastic contribution to
the flow.
• 0.1 ≤ De ≥ 10: The relaxation time of the fluid is comparable to the
characteristic time of the porous media. The solid-like behavior of the
fluid starts to manifest itself due to the previously described inability of
the polymer chains to relieve all internal stress in between pores. An
excess apparent viscosity can be observed due to the added viscoelastic
effects [79]. This seemingly wide range of Deborah numbers is due to
literature inconsistency in determining the characteristic time scale in
porous media. The characteristic time in porous media is mostly based
on oversimplified models such as the Blake-Kozeny model [70]. Reality
however is far more complex making this time scale, which is a distribution rather than a constant value, harder to quantify. A sharp boundary
is not expected due to a wide range in pore size distribution [81].
• De  10: The relaxation time of the fluid is higher than the characteristic time scale of the porous media. The viscoelastic effects have
become dominant over the shear effects. Apparent viscosity increases
with Deborah number as a result of the added flow resistance. A maximum apparent viscosity can be attained after which it decreases as the
polymer mechanically degrades at high flow rate [78].
The viscoelastic nature of polymeric fluids can be utilized to increase
the microscopic displacement efficiency. Some studies show that these viscoelastic fluids can help disperse and entrain the oil ganglia [82]. The increased
elasticity of these fluids have been proven to increase the sweep efficiency and
decrease the residual oil saturation [83]. On a macroscopic scale these fluids
mainly serve as an agent to reduce the mobility ratio. The application of
viscoelastic polymers for conformance control is discussed next.
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Viscoelastic polymers for conformance control
In the previous section we established that a self-regulating fluid could make
use of the difference in shear rate between layers of different permeability. The
non-Newtonian behavior of polymer fluids could be suitable for this purpose.
The shear-thinning nature however leads to a selective reduction in viscosity
of the fluid in the high permeability layer due to the high local shear rate.
This results in a higher flow rate disparity and thus an enhanced effect of
preferential flow [16, 51]. Only when the flow rates become high enough and
the viscoelastic effects are dominant in porous flow, do the polymeric fluids
thicken with increasing flow rate (figure 3.5).
If polymeric fluids would be utilized for conformance control, detailed reservoir knowledge is still required to make sure the flow rate is high
enough for the fluid to be in the viscoelastic regime. Furthermore, the effects
of permanent mechanical degrading of the long chained molecules and pore
plugging can be an issue [76]. An alternative fluid is required with a different
rheological behavior without the limitations of polymeric fluids. Viscoelastic
surfactant fluids are such an alternative. This type of fluid is described in the
next section as a candidate for conformance control.

3.5

Viscoelastic surfactants

Viscoelastic surfactant (VES) solutions possess viscosity modifying properties
similar to polymers solutions which can be utilized for conformance control
[50]. Surfactants are commonly used to decrease interfacial tension (IFT)
thereby decreasing the residual oil saturation [2, 30]. Additionally surfactants
are used to alter the wettability of a reservoir rock [28].

3.5.1

Structure

Surfactants are a special class of molecules which consist of two parts. One
component is a relatively bulky hydrophilic (water loving) head group which
is usually charged. The other component is a long slender hydrophobic (water
repelling) tail, usually a chain of 8 to 20 carbon atoms. The nature of the
hydrophilic group is used to classify the surfactant [84]:
• Anionic: hydrophilic part has a negative charge
• Cationic: hydrophilic part has a positive charge
• Zwitterionic: both positive and negative charges may be present
• Nonionic: no charge is present
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When these molecules come into contact with water they will orient
themselves based on their affinity with water. The hydrophobic tails will
stick out of the aqueous phase at the interface with a different fluid. This is
what gives these molecules their name since they alter the surface properties
of a fluid. As surfactant concentration increases above the critical micelle
concentration (CMC), spherical aggregates known as micelles are formed in the
aqueous phase [85]. These aggregates are structured such that the hydrophobic
tails are not exposed to water (figure 3.8). The shape of the micelles does not
remain spherical with further increase of the surfactant concentration. Rather
it becomes elongated and changes to a more cylindrical shape. The micelles are
now referred to as rod-like micelles. These rod-like micelles are relatively short
compared to their persistence length (length at which it is rigid) [86]. The rodlike aggregates grow with increase in concentration. When the micelles become
much longer than their persistence length they turn into flexible structures.
They are now referred to as worm-like micelles. These polymer-like aggregates
overlap, entangle and form a complex network. This results in non-Newtonian
viscoelastic behavior of the fluid.

Figure 3.8: Evolution of micelles based on surfactant concentration
Worm-like micellar solutions show similar viscoelastic behavior as
polymers. Therefore they are often referred to as ’living polymers’ [87, 88].
In contrast to polymers however, worm-like micelles do not have a rigid covalently bonded backbone [89]. They are held together by relatively weak
physical forces which continuously break and reform [85]. Therefore stress
relaxation can occur, as with polymers, through reptation (motion of single
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macromolecules within entangled structure), but also by temporarily breaking
and reforming bonds. This self-assembling nature makes viscoelastic surfactant solutions more versatile and forgiving than polymeric fluids. Furthermore,
worm-like micelles under flow conditions have the ability to alter the structure
of the macromolecular network. This new state within the network is called
a shear induced structure (SIS). This phenomena will be further discussed in
section 3.5.2.

Co-solute
The length of the flexible worm-like micelle will increase when organic salts,
such as sodium salicylate (NaSal), are added to the surfactant solution. The
negatively charged Sal− ions screen the positively charged head groups of
the micelles [90]. The repulsion force between the charged head groups is then
alleviated. More energy is required to break up the worm-like micelles and the
bending modulus is lowered [91, 92]. The stability of the worm-like micelles is
increased allowing them to form longer and more flexible chains. The co-solute
significantly decreases the amount of surfactant required to form a viscoelastic
fluid.

3.5.2

Rheology

Shear behavior
Most analysis on VES fluids are on the effect of shear rather than bulk flow.
At specific concentrations of surfactant and organic salt the viscoelastic fluid
can exhibit a unique rheological behavior (figure 3.9). At low shear, these
fluids behave as Newtonian fluids with a constant viscosity (µ0 ) independent
of shear rate. After a specific critical shear rate (γcr ) is passed the viscosity
increases with shear up to a maximum value (µmax ). Once this maximum
viscosity is reached the fluid thins again and the viscosity decreases. This behavior is a result of the formation/destruction of the shear induced structures
(SIS) [93]. As the name implies, a structure (network) is formed as a direct
result of the increase in shear rate. There is however no consensus in literature
about the exact contribution of shear rate to the formation of SIS. One theory suggests that the high shear rate produces a break-up of the end-caps of
the worm-like micelles. This leaves them with a residual charge making them
susceptible to connect with other worm-like micelles. The imposed shear also
results in stretching of the macromolecules. The stretched state in combination with the fusion of macromolecules results in an enhanced inter-micellar
interaction. This in turn leads to longer micelles and a more complex network
which increases viscosity [90, 94].
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Figure 3.9: Non-monotonic shear-thickening/shear-thinning behavior of VES
through the formation of SIS under increased shear rate
The concentrations required for this type of behavior are in the dilute
or semi-dilute regime. When the concentration is too high the complex network is already present under static conditions. Therefore no shear-thickening
effect is observed and the fluid shows a pure shear-thinning response [90]. The
ratio of the two components (surfactant and co-solute) influences the response
in Couette flow [92]. The critical shear rate and the maximum viscosity change
as a result of a different component ratio. Experimental evidence suggests that
equimolar concentrations have the strongest shear-thickening effect [95]. Environmental conditions also affect the rheological response. High temperatures
dampen the shear-thickening behavior. The critical shear rate increases and
the maximum viscosity is reduced [96].

Viscoelastic behavior
Rather than a purely viscous response, VES fluids also exhibit a strong viscoelastic contribution to the flow as is the case with polymeric fluids. The viscoelastic behavior however changes depending on the flow conditions. Initially
at low shear rates the fluid behaves in a Newtonian way and appears to have
a low relaxation time. However, once SIS form during the shear-thickening
stage, the fluid also appears to become significantly more elastic. As a result shear-induced micelles have a much larger relaxation time than those in
equilibrium [95]. Experimentally this has been proven by comparing results of
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oscillatory measurements between pre-sheared and non pre-sheared fluids [97].
The fluid that was pre-sheared within the SIS regime showed significant elastic
behavior which is more in-line with the continuously changing porous media
flow. Tests performed with no pre-shear yielded no viscoelastic response. This
indicates a transition to viscoelasticity induced by the formation of SIS.
Other evidence of viscoelasticity in surfactant solutions is found in
tests in micro-fluidic devices [98] and in open fractures [99]. An expansion contraction device showed a fluid resistance far greater than that found in a pure
shear flow geometry [100]. Furthermore work on elongational flow devices,
such as opposed jets, concluded that micellar growth is promoted by elongational flow [101]. The studies made by previous researchers on the behavior
of viscoelastic surfactant solutions suggest that they have a specific onset of
viscoelasticity. This behavior can be particularly appealing to application in
conformance control. This is further explained in the next section where the
flow of these fluids through porous media is discussed.

3.5.3

VES flow through porous media

Pressure driven flow of viscoelastic surfactants through porous media is far
more complex than shear flow. The tortuous flow through porous media consists of regions dominated by shear behavior and by strong extensional flow.
A clear distinction can be made between these two regions (figure 3.10). At
low flow (shear) rate Newtonian behavior is observed. The apparent viscosity

Shear dominated region

Apparent viscosity

Viscoelastic dominated region

Porous flow

Viscoelastic resistance
Couette flow

Flow rate

Figure 3.10: Typical behavior of viscoelastic surfactant flow solution through
porous media
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is constant and equal to the zero-shear viscosity (µ0 ) established in Couette
flow (figure 3.9). However, at higher flow (shear) rate a significant increase in
apparent viscosity can be observed [71]. This increase exceeds the expected
maximum viscosity (µmax ) found in Couette flow by orders of magnitude.
The difference is attributed to the formation of entanglements by the elongational component of the fluid which increases the relaxation time of the fluid.
This increase in relaxation time results in a significantly higher elastic contribution and thus an enhanced apparent viscosity. Several researchers have
demonstrated similar responses for VES fluids in porous media [71, 92, 102].
VES fluids have, in contrast to polymeric fluids (figure 3.5), a constant low
apparent viscosity at low flow rate (shear dominated regime). For conformance control this has a huge advantage, since the apparent viscosity in the
viscoelastic regime will always be higher.

VES for conformance control
At the start of this chapter the in-situ behavior of the ideal reservoir fluid
was displayed (figure 3.1). The viscosity of the displacing fluid should be
proportional to the permeability of the layer through which it flows. This
would result in an equal fluid velocity through all layers since the fluid flow
would be reduced more in the high permeability layers. VES fluids could be
a suitable candidate for self-regulating conformance control. The porous flow
rheology shows an increase in viscosity as a function of flow rate (figure 3.10).
In order for VES to be a suitable fluid there are some requirements however:
• Flow in the low permeability layers should be in the shear-dominated region. The viscosity will be low and no contribution from the viscoelastic
effects will affect the flow conditions.
• Flow in the high permeability layers should be in the viscoelastic dominated region. Flow resistance will increase due to the added elasticity
of the fluid.
• Flow at and near the well bore should be after the apparent viscosity
has reached its peak and the resistance reduces again.
In theory it seems that VES fluids could be utilized to regulate flow
in heterogeneous reservoirs. Extensive experimental evaluation shows that
the rheological behavior of these VES does indeed reduce channeling even in
a two-phase environment with hydrocarbon interaction. This will be the topic
of the following chapters.
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Experimental design &
procedures
In the previous chapters we concluded that viscoelastic surfactant solutions
have the potential to regulate conformance in heterogeneous reservoirs during secondary oil recovery. This hypothesis is now tested in several different
experiments which have been specifically designed for this purpose. Typical
reservoir conditions in EOR projects are: permeability range of 10 to 1000 mD,
average reservoir temperature of 49°C and pressure gradients ranging from 0.1
to 1.0 bar/m [26], which should be taken into account during the experiments.
The following setups have been used to test the potential of VES fluids.
• Couette rheometer
• Pressure driven core flow
• Parallel dual core single phase flow
• Parallel dual core hydrocarbon displacement
• Fractured core flow in single and parallel setups
• Microfluidics experiment
In this chapter the experimental design will be discussed along with
the procedures for the experiments. Some representative measurement data
will be presented. The results of the experiments and the processed data will
be shown in the next chapter.
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4.1

VES fluids

The VES solutions used during the experiments are composed of cationic surfactant cetyl tri-methyl ammonium bromide (CTAB: C19 H42 NBr) and an
organic salt, sodium salicylate (NaSal: C7 H5 NaO3 ) purchased from Sigma
Aldrich at a purity of >99.0% and >99.5% respectively. We denote a solution containing x mM CTAB and y mM NaSal as an ”x/y” solution. The
critical micelle concentration of CTAB is 0.9 mM (0.33 g/L) and this can be
significantly reduced by adding NaSal [89]. As a base fluid for most of the
VES solutions, synthetic seawater (demi-water and salt) is used with a concentration of 3wt% sodium chloride (NaCl) dissolved in demineralized water.
The solutions are prepared and kept at room temperature during magnetic
stirring for 12 hours to ensure that all components are fully dissolved. The
solutions are stored in a temperature controlled chamber without contact to
direct sunlight. For the two-phase experiment decane C10 H22 was used as the
hydrocarbon phase. This was purchased from Sigma Aldrich with a purity
of >99.0%. Decane was chosen since it has a low viscosity so that mobility
control does not become an issue. 2-hydroxycinnamic acid (OHCA: C9 H8 O3 )
was used to increase the thermal resilience [103].

4.2

Shear rheology

Simple shear rheology tests in a Couette cell are performed to characterize
the fluid. These experiments can be performed relatively quickly and do not
require extensive preparation. The effect of varying concentration and temperature can be investigated. Even though, as previously stated, shear rheology
does not solely control the behavior in porous flow, these experiments are
useful to roughly predict the behavior during core flow experiments.

4.2.1

Rheometer

The shear rheology of each fluid is determined by using an Anton Paar MCR
302 rheometer with a double gap geometry (figure 4.1a). This system was
chosen due to its ability to accurately measure low viscosity fluids. The measurement system consists of a measurement tool (1) which is lowered into a
solid cylinder (2) in the stationary cup (figure 4.1b). The two gaps that are
formed between the measurement tool and the cylinder contain VES fluid.
The rotating motion of the measurement tool imposes a constant shear rate
on the fluid. The torque required to maintain the rotational speed is measured. The combination of the rotational speeds (which determine the shear
rate) and the measured torque results in a value for the viscosity of the fluid.
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(a) Anton Paar MCR302

(b) Double-gap geometry

Figure 4.1: Couette flow experiment used to find the shear response and characterize the VES fluids
The temperature of the fluid is controlled by a Peltier system in combination
with a JULABO circulator. The temperature is typically set at 22°C.

4.2.2

Procedure

The VES fluid is injected into the cup and the measurement tool is lowered into
the cylinder. The fluid is allowed to settle and reach a constant temperature
set by the Peltier system. The measurement time for each point is determined
by imposing a constant shear rate. The viscoelastic response means that there
is a finite response time to reach a stable value for the measured viscosity. The
time this takes is then set as the measurement time for each measurement point
and during the experiment a stable response is confirmed. The shear rate is
then set to increase between 1 s−1 and 1000 s−1 and the viscosity is measured
at each point. At shear rates higher than 1000 s−1 the fluid starts foaming due
to entrapment of air which disrupts the measurement. Therefore this point is
set as the upper limit.
Measuring the viscosity of fluids in a Couette flow rheometer requires
a linear velocity profile inside the gap. However, due to the non-Newtonian
nature of the fluid this profile can be distorted by the formation of so-called
shear bands. The resulting shear rate is no longer constant over the entire gap
and the measured viscosity is no longer valid. For the dilute concentrations
used in this work, the velocity profile remains approximately linear [104]. The
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measured viscosity can thus be attributed to the shear rate imposed by the
rheometer even though it is not truly constant over the entire gap.

4.3

Single phase core flow

As was discussed in the previous chapter, shear rheology alone is not sufficient
to predict the flow behavior of VES in a reservoir. Core flow tests have become
the industrial standard in testing fluids for reservoir applications. A small rock
sample of a reservoir is used to analyse the effect the porous flow conditions
have on the VES fluid. This method provides the basis for our work on VES
fluids for conformance control. A controllable environment is created in which
the VES fluid is tested under different conditions. The initial stage for testing
VES fluids for conformance control is a single phase flow of VES through long
sintered glass cores of varying permeability.

4.3.1

Experimental setup

A parallel core flow experiment was designed to test the selective viscosifying
behavior of VES fluids in a heterogeneous reservoir (figure 4.2). Two sintered
glass cores, with a rubber sleeve wrapped around each core, are placed inside
two core holders. The core holder and the sleeve are radially pressurized

Figure 4.2: Image of dual core experimental setup for single phase flow of
VES. The sintered glass cores normally positioned inside the core-holders are
in front of the climate chamber
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inwards with pressurized air to force a tight seal to ensure axial flow. Brine
permeabilities of the cores range from 160 mD to 4400 mD. We obtain the
‘apparent’ macroscopic viscosity for the VES fluid in each of the two cores
during operation at equal pressure drop. The cores are positioned vertically
such that air traps do not form and flow is upwards.
Figure 4.3 shows a schematic overview of the experimental setup. A
dual piston Quizix pump (QX 6000 HC pump; accuracy 0.25% ; range 0.001
ml/min to 50 ml/min) simultaneously forces the viscoelastic fluid through
the two cores. The pressure gradient over both cores is measured by two
differential pressure transducers (Rosemount 3051CD 4; accuracy 0.1%; range
-20.5 bar to +20.5 bar) and the flow rate is measured by constantly monitoring
the effluent weight using scales (Sartorius SECURA5102-1S; accuracy 1% ;
range 12 g to 5100 g). The setup is placed inside a climate chamber (Memmert
IPP260; accuracy 0.1°C; range 0°C to 70°C) with constant temperature of
22°C. A CO2 purge system is connected to the inlet.

Climate chamber

..... g

dP

A

dP

B

..... g

Scales

Compr. air

Compr. air

VES Fluid

A

Low permeability core

B

High permeability core

CO2 purge

Pump 1

Figure 4.3: Dual core flow experimental setup for single phase flow of VES
The porous samples consist of borosilicate beads sintered together
into cylindrical cores. For accurate measurements in the low pressure gradient regime the length of the cores is 300 mm with a diameter of 50.8 mm.
These are produced by ROBU Glasfilter-Geraete GmbH (table 4.1). Sintered
glass cores are used for the first part of this study because they have a more
homogeneous permeability distribution compared to rock cores which we use
later. Porosity is visualized by using a CT-scan of the cores (figure 4.4a &
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4.4b). The variation in porosity is assessed by finding an attenuation coefficient using the mean gray value over the length of the core corresponding to
the density of the sample. Porosity variation is approximately ± 0.05 which
is considered relatively homogeneous [105]. In the next section it is explained
how the permeability of each core is determined.

Core name
P45a
P4a
P3a
P3b

Table 4.1: Sintered glass core properties
Pore size (µm) Permeability (mD) Porosity (-)
2-6
160
0.48
6-10
700
0.45
10-40
2500
0.42
10-40
4400
0.43

(a) Axial CT-scan

(b) Radial CT-scan

Figure 4.4: Light intensity sintered glass core during a CT-scan

4.3.2

Procedure

Before each measurement the cores are placed in an oven at 250°C for at least
12 hours to evaporate all the fluid inside the pores left from previous experiments. After cooling down to room temperature the cores are placed inside
the core holders and flushed with CO2 to force air out. A permeability measurement with brine is done to check whether the cores were cleaned properly
and if all the air was removed (table 4.1). To determine the permeability, the
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pressure drop over each core is measured for five different brine flow rates. In
combination with the known dimensions of the core and the constant viscosity
of brine, Darcy’s law can be used to calculate the permeability for each core.
This step is repeated before each experiment to ensure reproducibility with
previous experiments.
The viscoelastic surfactant solution is then pumped into the cores at
low flow rates until both cores have been flushed with 2 pore volumes (PV).
One pore volume is equal to the total void space of the matrix (φ · Vcore ).
Once the cores have been saturated the pump is set to stepwise increase the
flow rate (0.10 to 40 ml/min with increasing step sizes from 0.05 ml/min to 5
ml/min) for a period of 40 min per measurement point to obtain equilibrium.
The applied flow rate results in an equal pressure drop over both cores which
is recorded by the pressure transducers. The flow through both cores is monitored and recorded using the scales. The fluid used for the experiments can
be found in table 4.2. Each experiment is performed twice to check for reproducibility. After each experiment 2 pore volumes of demineralized water is
injected to flush out the viscoelastic solutions after which the cores are placed
in the oven to dry-out.
Table 4.2:
CTAB/NaSal
1.0/1.0
1.5/1.5
2.0/2.0

4.3.3

VES solutions
g/L CTAB
0.37
0.55
0.73

used during
g/L NaSal
0.16
0.24
0.32

single phase experiments
Base fluid
3wt% NaCl in demi-water
3wt% NaCl in demi-water
3wt% NaCl in demi-water

Data

The flow rate resulting from the pressure applied by the pump is documented
and the pressure drop over both cores is recorded. Typical results from single
phase VES flow through two parallel cores are plotted in figure 4.5a & 4.5b.
The scales are used to continuously measure the weight of the effluent from
the individual cores. The change of weight in combination with the density of
the fluid allows us to find the flow rate through the individual cores. These
data sets are processed using a Matlab script and the results are discussed in
the next chapter.
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Figure 4.5: Typical data acquired during dual core single phase flow experiment

4.4

Two phase hydrocarbon displacement

The single phase dual core flow experiment provides insight into the behavior
of VES fluids in porous flow. To further understand the fluid behavior an experiment has been designed to test VES solutions in a two-phase environment
and find the added recovery due to the selective viscosifying behavior. The
goal for this experiment is to displace additional hydrocarbon at a reduced
amount of injected volume.

4.4.1

Experimental setup

A similar experimental setup as in the previous section has been designed to
evaluate the viscosifying potential of the VES fluids in a two-phase environment. Again the heterogeneous reservoir is simulated by placing two cores
of different permeability parallel to each other (figure 4.6). The porous cores
are placed inside the stainless steel core-holder with a rubber sleeve wrapped
around each. The sleeve is radially pressurized to 6 bar by compressed air.
This forces a tight seal between the rubber sleeve and the core to ensure axial
flow. The core-holders are positioned vertically in a controlled temperature
chamber to drive air out at the top and achieve maximum fluid saturation.
VES fluid is pumped through both cores by a dual piston QX 6000 HC Quizix
pump (pump 1). The pressure drop is measured by differential pressure transducers of type Rosemount 3051CD 4 (accuracy 0.1%). A second pump is
used to saturate the cores with decane before performing a displacement experiment. The effluent from both cores is collected by two-phase fraction
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Figure 4.6: Two phase dual core flow experimental setup for hydrocarbon
displacement

collectors which fill up test tubes at a set time interval. A clear distinction
can be made between the displacing fluid and the hydrocarbon phase due to
the difference in density. This allows us to evaluate the two-phase flow rate
and the recovered hydrocarbon.
Prior to each experiment the cores are placed in an oven at 190°C
(just above the boiling point of decane) to ensure all fluids inside the cores
from previous experiments are evaporated. After the cores have cooled down
they are placed in the rubber sleeves and positioned inside the core holder.
The cores are then flushed with CO2 to displace the air trapped inside the
pores. Next, pump 1 saturates both cores with brine. The brine permeability
of the cores is determined by measuring the pressure drop at 5 different flow
rates and applying Darcy’s law. This is done before each experiment to ensure
the conditions have not changed compared to prior experiments.
For the initial test the highest and lowest permeability synthetic cores
were used from the single phase experimental discussed in the previous section.
Using sintered glass cores gives a more homogenous permeability distribution
and excludes adsorption effects which have been shown to alter the concentration of the VES solution. Later on, real reservoir rock was used for the hydrocarbon displacement experiments. Two types of reservoir rock were tested;
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sandstone rock, which is typically water-wet, and carbonate rock, which is
often oil-wet [106]. Note that for each material there is a difference in permeability to simulate a heterogeneous reservoir. The petrophysical properties of
the different cores can be found in table 4.3.
Table 4.3: Core properties two-phase experiment
Core name
Material
Permeability
Porosity (-)
(mD)
P3c
Sintered glass
4400
0.28
PFa
Sintered glass
260
0.53
BS1
Berea sandstone
1600
0.28
BS2
Berea sandstone
30
0.15
Mabrouk carbonate
130
0.13
MC1
MC2
Mabrouk carbonate
20
0.14
The length of the sintered glass and sandstone cores was chosen at
300 mm to provide ample void space for the decane to saturate from where it
ultimately is produced. The length of the carbonate rock is 150 mm due to
the absence of longer core samples. The porosity of the cores is determined by
measuring the weight of a dry core and that of a water saturated core. The
difference in weight is divided by the density of water to find the volume it
occupied inside the core. This volume is used to determine the porosity of the
core samples (equation 3.5). The permeability is measured using the core flow
experiment which will be discussed in the next section.
Two cores of the same material but with different permeabilities are
used for the parallel core flow experiment. Note that the traditional correlation
of high porosity and permeability is inapplicable here for the sintered glass
cores. For the lower permeability (artificial glass) core, the sintered particle
distribution is more mono-disperse with a greater number of dead end paths
and thus a greater tortuosity. Thus there is a lower permeability with a higher
porosity. For the higher permeability material, larger particles are used with a
greater size distribution. Some interstitial pore filling occurs so the porosity is
lower. This anomaly is also observed for oil reservoirs: For example chalks can
have permeabilities below 10 mD but porosities of 0.5. By contrast sandstones
have permeabilities in the range 10 to 1000 mD but porosities between 0.1 and
0.3.

4.4.2

Procedure

Prior to the displacement experiment, the brine filled cores are saturated with
decane injected from the top. During this saturation process effluent is col52
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lected and the displaced volume of brine is a measure for the original oil in
place (OOIP) inside both cores, denoted by VOOIP . After decane saturation
the cores are left to soak for a period of 12 hours. Displacing fluid (i.e. brine or
VES) is injected from the bottom into both cores simultaneously at identical
pressure and decane is produced (volume VOpr ). The fluids used during the
experiment can be found in table 4.4.
Table 4.4:
CTAB/NaSal
2.0/2.0
6.0/4.0
30/10

VES solutions used during
g/L CTAB g/L NaSal
0.73
0.32
2.19
0.64
10.95
1.60

two-phase experiments
Base fluid
3wt% NaCl in demi-water
3wt% NaCl in demi-water
demi-water

The decane recovery at any time during the displacement process is:
ER =

VOpr
VOOIP

(4.1)

ER is the combined hydrocarbon recovery from both cores. After
break-through the effluent is primarily injected displacing fluid and no more
oil is displaced. Since flow rate will be highest in the high permeability core,
this core will reach break-through first. Note that the flow through this core
continues until both cores have been fully flushed. After local break-through
the displacing fluid injected in the high permeability core does not contribute
to the oil displacement any longer. The total amount of injected fluid at any
moment is represented by Vinj . The volumes of injection fluid used are often
normalized to the total cores pore volume φVcore to give the pore volumes of
injected fluid:
P Vinj =

Vinj
φVcore

(4.2)

For this analysis 1 pore volume is defined as the combined void space
of both cores. The results are used to analyze the effectiveness of the VES
fluids compared to a brine displacement. This is particularly relevant when
break-through is reached in both cores. We define this point as P V ∗ . Effective
sweep of the parallel system of both cores is characterized by low values for
P V ∗.
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4.4.3

Data

The data gathered during the two-phase experiment is significantly different
from the single phase experiment. Where the flow rate was increased step-wise
before, now the pump is set to deliver a constant pressure (figure 4.7a and figure 4.7b). The resulting flow rate reacts to the response of the viscoelastic
fluid in both cores. The viscosifying effect of the VES fluid in the high permeability core results in a reduction of the total flow rate. Even though the
pressure drop over both cores remains constant, the pump flow rate reduces
due to the added flow resistance.
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(a) Pressure drop across the cores
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(b) Flow rate through both cores

Figure 4.7: Typical data acquired during dual core hydrocarbon displacement
experiment at constant pressure. Decane displacement with 2.0/2.0 mM at
constant pump pressure of 0.7 bar

To extract the flow rate through each core and the amount of recovered decane, the effluent is analyzed from the fractional collector. These fill
a test tube at set intervals, ranging for 10 sec to 2 hours dependent on fluid
viscosity and core permeability. The volume of fluid gathered within the time
interval is a measure for the average flow rate. When the flow rate through
both cores is known, the fractional flow of the aqueous displacing fluid and the
produced oil can be evaluated. A measurement of the relative volumes of the
oil and the aqueous layer allows us to see how much hydrocarbon is recovered
from each core. From this data the fractional flow of both VES and decane
can be derived. The data is processed and the results are presented in chapter
5.
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4.5

Fracture flow

Variations in permeability are not solely caused by disparity in the structure
of the porous rock matrix. Flow through natural fractures has less resistance
than permeable matrix flow and causes ”short circuits” through which the
displacing fluid is lost [58]. The effect of VES under fracture flow circumstances
is initially investigated in a single phase small core flow experiment and later
in the parallel setup. Test in the small cores can be done in relatively rapid
succession of each other and are therefore ideal for initial testing of VES in
fractured rock.

4.5.1

Experimental setup

The experimental setup used to test VES fluids through porous material is
described in figure 4.8 and deviates significantly from the previously described
experiments. The centre of the experiment is composed of the (fractured)
porous core with a fixed diameter of 25.4 mm and a length of 40 mm through
which the VES fluid will flow. This core is wrapped in a rubber sleeve and
placed inside the stainless steel core holder (max 150 bar at 50°C). Compressed
air at 6 bar forces a tight seal between the core and the rubber sleeve to ensure

Oven

Effluent

Compressed air

Core

VES Fluid

dP

CO2 purge

Pump 1

Figure 4.8: Experimental setup of single phase flow of VES through a single
core
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Figure 4.9: Image of single core flow experimental setup for single phase flow
of VES. The vertically orientated core holder holds the porous core. Fluid is
injected from the bottom and the resulting pressure drop is measured with
a pressure transducer. The coiled inlet ensures constant inlet temperature of
the injected fluid

axial flow. The core holder is positioned vertically to ensure complete fluid
saturation of the core and force air out at the top. Fluid flow is controlled by a
Quizix QX 6000 HC dual piston positive displacement pump. The flow range
of this pump is 0.1 to 3000 ml/h and the safety pressure is set to a maximum
of 6 bar. The pump can deliver fluid at a constant flow rate, but can also
maintain a set pressure if required. The resulting pressure drop over the core
is measured by a Rosemount 3051 pressure transducer with a range of -623 to
623 mbar. The core holder and pressure transducer are placed in an oven at a
constant temperature of 22°C. A CO2 supply at the inlet is used to flush air
out of the porous cores.
The core used for the experiment is a Berea sandstone core (figure
4.10). The initial set of experiments use this core without fracture. This serves
as the base case to which the fractured core flow data will be compared. After
the initial tests the sandstone core is fractured which dramatically increases
permeability. The matrix permeability (κm ) remains the same, but the total
permeability (κtot ) has increased drastically due to the high conductivity fracture with fracture permeability (κf , determined using equation B.7 Appendix
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B). Petrophysical properties of the cores used for the single phase experiments
van be found in table 4.5. Comparing the initial non-fractured data with the
fractured data gives insight in the behavior of the VES fluid flowing through
the fracture.
Table 4.5: Core properties fractured single phase core flow experiment
Core
Type
κtot
κm
κf
Fracture Matrix
name
(mD) (mD) (mD)
porosity
width
(-)
(mm)
BE5f0
un-fractured 120
120
0.17
BE5f1
fractured
1100
120
100000 0.25
0.17

Figure 4.10: Image of un-fractured and fractured Berea sandstone core used
in fracture flow experiment
Two-phase hydrocarbon displacement experiments were also performed
with fractured cores. The experiment described in section 4.4 is used to test
hydrocarbon recovery efficiency between an un-fractured and a fractured core.
The cores used in this experiment have a 50.8 mm diameter and a length of
150 mm. The other properties of these cores can be found in table 4.6.
Table 4.6: Core properties two phase dual fractured core flow experiment
Core
Type
κtot
κm
κf
Fracture Matrix
name
(mD) (mD) (mD)
width
porosity
(mm)
(-)
BE5LC1f0 un-fractured 60
60
0.17
BE5LC1f1 fractured
100
60
30000 0.05
0.17
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4.5.2

Procedure

Prior to placement in the core-holder, the core is put inside an oven at 250°C to
evaporate all the fluid remaining from previous experiments. Once inside the
core-holder CO2 displaces the air inside the core. Then the core is saturated
with brine and the permeability is determined. This is done before each test to
ensure that the initial conditions are constant. At least 10 PV VES is injected
to displace the brine and fully saturate the core with VES. The flow rate is set
to 0 ml/h and the pressure is allowed to equilibrate. Once the pressure drop
has stabilized the flow rate is set to increase step-wise for a duration of at least
40 min per measurement point. The applied flow rate results in a pressure
drop over the core which is recorded by the pressure transducer. The fluids
used for the experiments can be found in table 4.7. After each experiment
10 PV of demineralized water is injected to flush out the viscoelastic solution
after and the core is placed in the oven to dry-out again.
Table 4.7: VES solutions
CTAB/NaSal
g/L CTAB
1.0/1.0
0.37
0.55
1.5/1.5
2.0/2.0
0.73

4.5.3

used during fracture flow experiments
g/L NaSal Base fluid
0.16
3wt% NaCl in demi-water
0.24
3wt% NaCl in demi-water
0.32
3wt% NaCl in demi-water

Data

The applied flow rate by the pump is monitored and the resulting pressure drop
over the core is recorded. Typical results from single phase VES flow through
a fractured sandstone core are plotted in figures 4.11a and 4.11b. These data
sets are processed using a Matlab script and the results are discussed in the
next chapter.
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Figure 4.11: Typical data acquired during pressure driven fracture flow experiment with varying flow rate through fractured Be5f1 core with 2.0/2.0 mM
VES solutions at 22°C

4.6

Microfluidics experiment

Previous experiments did not address the flow behavior of VES fluids inside
the porous media. The cause of the selective increase in flow resistance was
speculatively attributed to the viscoelastic contribution of the flow. However,
this cannot be confirmed using a core flow experiment since there was no way
to visualize the internal flow behavior. In these experiments the cores can be
considered as ‘black boxes’ where a set flow rate results in a pressure drop.
The behavior of the fluid is derived from these parameters. However, this does
not give us insight into the dynamic behavior of the fluid elements based on
the flow conditions. Therefore microfluidics experiments in a visual accessible
flow cell have been performed to observe how the fluid responds to different
flow conditions in varying geometries [107].

4.6.1

Experimental setup

The experimental setup is composed of five main components which can be
seen in figure 4.12; micro-channel, syringe pump, microscope, high speed camera and computer. The core of the experiment is the pillared micro-channel
which serves as the porous medium through which the VES fluid flows. The
micro-channels are etched from a silicon wafer and have a length of 66 mm, a
width of 1 mm and a height of 0.050 mm. Inside the micro-channel there is an
array of micron sized pillars with pillar diameter Dp made from carbon nanofibers placed in a hexagonal pattern (figure 4.13). All pillars are coated with a
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Figure 4.12: Image of microfluidics setup with pillared micro-channel
hydrophilic coating. Two different types of channel are used with different pillar diameter (Dp ) and distance between the pillars (X-distance Xp , Y-distance
Yp ) resulting in different micro-channel permeability and porosity (table 4.8).
Based on the pillar diameter these micro-channels are named P5 and P16.
The micro-channels are made by the MESA Institute for Nanotechnology in
Twente.
66 mm
∆P

Dp
Xp

1 mm

Yp

0.05 mm

Figure 4.13: Schematic of pillared micro-channel with pillar spacing Xp and
Yp
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Channel
P5
P16

Table 4.8: Micro-channel
Permeability
Porosity
(mD)
(-)
4000
0.76
85000
0.90

properties
Dp
Xp
(µm) (µm)
4.65
10.8
16
30

Yp
(µm)
2.3
30

A KR Analytical syringe pump with a stainless steel Hamilton syringe
with a volume of 5000 µl is used to pump the VES solution through the
micro-channel. The flow rate range of the pump is 0.02 to 30000 µl/min.
The pressure at the inlet is recorded by a micro-pressure sensor and is used
to measure the pressure drop over the channel. The flow can be monitored
using a Zeiss optical observer D1 lens with a Halogen light source. To take
images, fluorescent tracer particles of approximately 1 µm are suspended in
the fluid. The focal point of the microscope lies in the centre between the top
and bottom of the micro-channel. Under darkfield conditions green light is
used to light up the tracer particles. A Redlake Motion Pro X-4 high-speed
camera records images of tracer particles at a specified frequency. Software
(DaVis) is used to analyze the recorded images. These measurements are only
performed on the P16 micro-channel. The pillars spacing in the other channel
is too small and particles would block the flow paths. The entire setup is
housed in a lab with an ambient temperature of approximately 20°C.
The Reynolds number during the experiments is kept lower than 0.1
to ensure that the flow does not become turbulent [108]. The Reynolds number
for this setup is defined as follows:
Rep =

ρ·u·D
µ0

(4.3)

Here ρ is the density of the fluid, u the interstitial velocity,
D is a
p
characteristic length based on the permeability defined by D = κ/φ and µ0
the zero shear viscosity of the VES fluid measured at low shear rate in Couette
flow. The typical Reynolds number range is between 10−6 and 10−2 .

4.6.2

Procedure

Experiments can be divided into two types; pressure driven flow to determine
the macroscopic fluid behavior in the pillared micro-channel and flow imaging
to analyze the velocity field. The initial experiment is very similar to the
experiments done in section 4.3 where single phase tests through sintered glass
cores were performed. Prior to VES flow the micro-channel is filled with brine
to determine the permeability. Darcy’s law is used in combination with the
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pressure drop measured at different flow rates. The micro-channel is then
saturated with VES fluid flowing at a relatively high flow velocity to fully
displace the brine inside the micro-channel. Using the microscope with visible
light from the light source enables a visual confirmation that VES has fully
saturated the micro-channel. Note that there are no tracer particles present
in the VES fluid at this moment. Initial experiments are done to find at which
flow rate the flow resistance increases and fluid thickening occurs. Next, the
syringe pump is set to inject VES at varying flow rates. Once the pressure
measured at the inlet is constant for each flow rate, equilibrium is reached and
the pressure drop is recorded. This is done for several different flow rates to
find at which point the behavior start to deviate from pseudo-Newtonian flow.
These experiments have been performed for the two different micro-channels
(P5 & P16) using three different fluids (table 4.9).
Next images are taken at flow rates based on the initial macroscopic
experiments. We have chosen a low flow rate when the fluid appears to show
pseudo-Newtonian behavior to compare with a flow rate within the thickening
regime. At these specific flow rates a VES fluid is used with added tracer
particles to find the fluid behavior. Once the flow has reached equilibrium,
images are taken with the high-speed camera which are later analyzed using
postprocessing software (DaVis).
Table 4.9: VES
CTAB/NaSal
1.0/1.0
1.5/1.5
2.0/2.0

4.6.3

solutions used for single phase microfluidics experiment
g/L CTAB g/L NaSal Base fluid
0.37
0.16
3wt% NaCl in demi-water
0.55
0.24
3wt% NaCl in demi-water
0.73
0.32
3wt% NaCl in demi-water

Data

A raw image from the tests can be seen in figure 4.14. The periodically
spaced black dots with white accumulated around them are the pillars. Even
though these have been coated with a hydrophilic coating, tracer particles still
agglomerate at the surface area. The smaller dots in between the pillars are
the tracer particles illuminated by the green light. These images are recorded
at a maximum of 50 frames per second with a total amount of 1000 images
per measurement, i.e. a duration of 20 seconds.
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Figure 4.14: Image from high-speed camera of micro-channel with tracer particles
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Chapter 5

Results and discussion
5.1

Single phase flow

Based on article: J. van Santvoort and M. Golombok, ”Sweep enhancers for oil recovery”,
J. Petrol. Explor. Prod. Technol., vol. 6, pp. 447-480, 2016 [109]

5.1.1

Abstract

The use of viscoelastic sweep improvers to overcome injected fluid diversion,
is assessed at the low pressure gradients associated with secondary oil production. The flow evolves from pseudo-Newtonian to non-Newtonian behavior with increasing pressure gradient. Additive concentration determines
this transition and controls the effectiveness of selective retardation. This is
demonstrated in an experimental simulation of parallel flow in 2 core samples
of different permeabilities. Even at pressure gradients lower than 1.0 bar/m
channeling can effectively be reduced and early water break-through delayed.
This has the potential to greatly increase ultimate oil recovery.

5.1.2

Results and discussion

The flow of VES fluids through porous media is evaluated in the dual core
single phase experiment described in section 4.3. The goal is to find an increased flow resistance in cores of high permeability and thus reduce the flow
through these ‘thief zones’. Tests are performed on multiple sintered glass
cores with contrasting permeability using different concentration VES fluids.
These fluids are evaluated using the rheometer discussed in section 4.2.
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Simple shear
The rheological response of a solution of CTAB/NaSal in demineralized water in a simple shear geometry has been extensively researched [94, 96, 101].
However, for a reservoir flooding application the base fluid is usually seawater,
especially in offshore applications where this is abundantly available. Seawater
on average contains mainly about 3 wt% of simple salt and this concentration
is therefore chosen as the standard (3wt% NaCl in demineralized water).
The shear response of three dilute solutions with equimolar CTAB/
NaSal concentrations in brine can be seen in figure 5.1. Several aspects of
CTAB/NaSal in brine under Couette shear can be noted. At low shear rates
all solutions show Newtonian behavior with a constant zero shear viscosity
which is slightly enhanced compared to the viscosity of the base fluid brine.
As shear rate increases, a critical shear rate (γcr , figure 3.9) is reached which
is the onset of shear-thickening. After this point the viscosity increases by
the formation of shear induced structures (SIS) network until a maximum
viscosity (µmax ) is reached. Once this maximum viscosity is reached, shearthinning occurs arising from the degradation of the shear induced structures.
Increasing the equimolar concentration of CTAB/NaSal decreases the critical
shear rate and increases the magnitude of shear-thickening (table 5.1).
4

Brine
1.0/1.0
1.5/1.5
2.0/2.0

Viscosity [mPa.s]

3
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10
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10
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Figure 5.1: Shear rheology equimolar VES solutions
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Table
CTAB/NaSal
1.0/1.0
1.5/1.5
2.0/2.0

5.1: Shear properties of VES solutions
γc (s−1 )
µ0 (mPa·s)
µmax (mPa·s)
365
1.2
1.9
296
1.3
2.4
193
1.5
3.7

Dual core flow
The fluids previously investigated in Couette flow are now tested in the single
phase dual core flow experiment (section 4.3). Figure 5.2 shows the flow
rate against pressure gradient for an equimolar concentration of 1.5/1.5 mM
CTAB/NaSal in brine for two cores with permeabilities of 700 mD and 4400
mD. The dashed lines represent the response when brine would be used. At low
pressure gradients (∆P/L < 0.1 bar/m) both graphs show a linear relationship
between pressure gradient and flow rate but with a different slope. As pressure
gradient is increased the graphs depart from this linear behavior. The slope
of the graph of the 4400 mD core relatively decreases more than the slope of
the 700 mD core indicating a more reduced flow in the high permeability core.
The deviation from brine behavior is also greater in the 4400 mD core. This
suggests that the viscosity increase, caused by formation of SIS, is permeability
dependent.
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Figure 5.2: Flow rate plotted against pressure gradient for two cores (4400
and 700 mD) using a 1.5/1.5 mM solution of CTAB/NaSal in brine at 22°C.
Dashed lines represent flow rate when brine is used
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The effect of this preferential flow can be evaluated by comparing
the velocity between the high permeability layer (hi) and the low permeability
layer (lo). This results in a dimensionless factor; the ratio of the flow velocities
in zones with high and low permeability vhi and vlo at equal pressure gradient:
 


vhi
κhi · µlo
Rf =
=
(5.1)
vlo ∆P /L
κlo · µhi ∆P /L
In the case of Newtonian flow, the flow ratio Rf is equal to the ratio
of permeability κhi and κlo since viscosities µlo and µhi are equal. In order to
change this ratio, non-Newtonian fluids can be used with a viscosity which is
dependent on shear rate, and thus, indirectly on permeability.
Figure 5.3 shows that for VES at low pressure gradient regime (∆P/L
< 0.1 bar/m) the flow rate ratio Rf (equation 5.1) between the high and low
permeability core is almost constant. This constant value is approximately
the same to the ratio when using brine (Rf ≈ 6). This indicates that fluid
viscosity is equal in both cores and that the flow rate contrast is proportional
to the difference in permeability. When the pressure gradient increases (∆P/L
> 0.1 bar/m), a decrease of Rf is found, i.e. there is selective retardation in
the high permeability core. At a pressure gradient of 1.0 bar/m the difference
in flow rate has been reduced significantly from 6 to 2. This reduction in the
difference in flow rates has thus created a more uniform flow through these
two cores of different permeability.
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Figure 5.3: Ratio of flow rates between 4400 and 700 mD core plotted for brine
(diamonds) and a 1.5/1.5 mM solution of CTAB/NaSal in brine (squares)
against pressure gradient at 22°C
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The effect of selective viscosifying can be investigated by introducing
the resistance factor (Λ). This is defined as the retardation of the flow velocity
of VES (vV ES ) compared to brine flooding velocity (v0 ). This is done at equal
pressure gradient through a single core with absolute brine permeability κ.
Note that this factor is different from the flow rate ratio (Rf ) presented in
equation 5.1. Now the flow of VES is compared to the flow of brine in the
same single core and not between cores of different permeability. In figure 5.2 Λ
is the ratio between the dotted line and the solid line at equal pressure gradient
for the same permeability core. The difference in flow velocity between brine
and VES is caused by the increase in viscosity and therefore is also equal to
the ratio between the viscosities of VES (µV ES ) and brine (µ0 ).




vo
µV ES
Λ=
=
(5.2)
vV ES ∆P,κ
µ0
∆P,κ
Subsequently Darcy’s law can be used to find the resistance factor based on
data measured in the core flow experiment [71, 75]:
Λ=

κ
∆P
µ0 vV ES L

(5.3)

Figure 5.4 shows the resistance factor versus pressure gradient obtained using equation 5.3 for four different permeable cores (table 4.1) using
a single equimolar solution (1.5/1.5). At low pressure gradient (∆P/L < 0.1
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Figure 5.4: Resistance factor versus pressure gradient using a 1.5/1.5 mM
solution of CTAB/NaSal in brine for four different cores (4400, 2500, 700 and
160 mD) at 22°C
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bar/m) the resistance factor for all four cores is equal and constant, indicating a pseudo-Newtonian regime. The resistance factor found here is close to
unity, indicating that the apparent viscosity in the porous cores is similar to
the viscosity of the brine base fluid. Increasing the pressure gradient results in
a departure from Newtonian behavior and an increase in resistance factor (at
0.1 bar/m). From this point on there is also an increasing difference in resistance factor between cores of different permeability. The resistance is higher
in cores of higher permeability. For a pressure gradient of 1.0 bar/m, the resistance factor of the high permeability core (4400 mD) is five times higher
than the low permeability core (160 mD).
In order to compare the shear viscosity with the measured resistance
factor, typical shear rates in porous flow can be calculated which are proportional to the average interstitial flow velocity u [78]:
4·α·u
γ̇app = p
8κ/φ

(5.4)

In this equation α is a geometric factor for the porous media and
in the case of sintered glass cores it is set to 2.5. Furthermore, petrophysical
properties permeability κ and porosity φ are constant and depend on which
core is used. Thus according to equation 5.4 the apparent shear rate varies
linearly with the interstitial flow velocity u. Based on the flow rates used
during the experiments, the equivalent shear rates in the porous media range
from 10 s−1 to 2000 s−1 . Figure 5.1 shows that for a 1.5/1.5 solution the
maximum shear viscosity (µmax ) in the Couette cell within this range is 2.4
mPa·s. However, in the core flow experiment (figure 5.4) at 1.0 bar/m this
solution shows a resistance factor of 11 for a 4400 mD core, equivalent to an
apparent viscosity of approximately 11 mPa.s (11 times the viscosity of brine).
The apparent viscosity increases further as pressure gradient is increased. The
shear response alone cannot account for this and thus there is a viscoelastic
contribution to the flow in porous media [110]. At equal pressure gradient the
effect appears to be more pronounced in high permeability cores leading to
the desired selective viscosifying effect.

Concentration effects
Figure 5.5 shows three graphs which represent different equimolar concentrations of CTAB and NaSal in brine at a single pressure gradient (1.0 bar/m).
The graphs give the resistance factor resulting from the flow of these solutions through cores of different permeability. A higher concentration leads to
enhanced apparent viscosity effects in permeable flow. The difference in resistance factor between layers of different permeability ultimately determines
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the effectiveness of reducing channeling by means of selective viscosifying.
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Figure 5.5: Resistance factor plotted against permeability at a constant pressure gradient of 1.0 bar/m at 22°C for three different equimolar solutions of
CTAB/NaSal in brine
Experiments with different equimolar concentration using a single
permeability core of 700 mD are compared in figure 5.6. As the concentration
of surfactant and complex salt increase, the flow velocity at which thickening
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Figure 5.6: Resistance factor plotted against flow velocity at 22°C for three
different equimolar solutions of CTAB/NaSal in brine using a single core (700
mD)
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occurs decreases. A 1.0/1.0 solution starts thickening at 10 ft/day whereas
a 2.0/2.0 solution starts at 1.0 ft/day. This is in line with the findings from
the rheometer which showed that increasing equimolar concentration leads to
a decrease in critical shear rate (figure 5.1). This corresponds to a lower flow
rate in permeable flow (equation 5.4).

Impact on recovery
To demonstrate the added value of VES materials as a displacing fluid the
Dykstra-Parsons method is used (equation 2.15, section 2.1.2). Reservoir flow
is assumed to be piston-like where all the movable oil is displaced once a
region is swept by the displacing fluid. A hypothetical heterogeneous reservoir
is assumed to consist of 7 layers with the permeability of the layers equal to
those tested in the experiment (1x 4400 mD, 2x 2500 mD, 2x 700 mD and 2x
160 mD). The resistance factors in each layer obtained during the experiments
are imposed on this hypothetical reservoir which has been arranged to have
a middle section with highest permeability; arbitrary in this case as there
is no communication between layers in this model. Other properties such as
porosity (φ), surface area and recoverable oil (∆Si ) are the same for all equally
sized layers. Oil viscosity is constant for every case and set to 1.0 mPa.s.
The end-point relative permeability of the displacing fluid (κ0i,rdis ) and the oil
(κ0i,roil ) are 0.95 (equal for brine and VES) and 0.4 respectively. The end-point
mobility ratio (Mi0 ) for Newtonian fluids is constant in all layers, however this
property varies when using the VES fluid due to the varying apparent viscosity
(table 5.2).
Table 5.2: Fluid properties
gradient of 1.0 bar/m
Layer permeability
(mD)
4400
2500
700
160

of brine and 1.5/1.5 VES of each layer at pressure
µbrine
(mPa.s)
1.0
1.0
1.0
1.0

0
Mbrine

2.4
2.4
2.4
2.4

µ1.5/1.5
(mPa.s)
10.2
9.1
3.4
1.9

0
M1.5/1.5

0.23
0.26
0.70
1.25

At equal pressure drop early water break-through will occur in this
middle layer with the highest permeability which then becomes a ‘thief zone’
through which displacing fluid is lost. Figure 5.7 shows the recovery of hydrocarbon against the amount of injected pore volume at an equal pressure
gradient of 1.0 bar/m. The vertical dotted line at 2.0 PV shows how much
hydrocarbon is recovered when 2.0 PV of displacing fluid is injected. This
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Figure 5.7: Recovery of hydrocarbon predicted using Dykstra-Parsons method
against injected pore volume of the displacing fluid at an equal pressure gradient over all layers of 1.0 bar/m for brine and 1.5/1.5 solution at 22°C

point is taken as it represents a typical point at which production is halted.
The recovery of hydrocarbon at this point for all fluids at different pressure
gradients can be found in table 5.3.
Table 5.3 shows that the recovery of hydrocarbon after 2.0 PV injected into the hypothetical reservoir is lowest when brine is used as a displacing fluid. With brine ER is equal for all pressure gradients since the brine
viscosity does not change thus not altering the efficiency of the displacing
process. Furthermore, the results at 0.1 bar/m are not included since fluid
behavior is pseudo-Newtonian with no selective viscosifying effect. Increasing
the pressure gradient, which boosts the production rate, leads to a recovery
increase. This is a result of the increase in viscosity disparity between the
layers which can also be seen figure 5.4.

Table 5.3: Recovery ER at 2.0 PV injected volume
Pressure gradient
[bar/m]
0.3
0.5
1.0

Brine

1.0/1.0

1.5/1.5

2.0/2.0

0.62
0.62
0.62

0.70
0.77
0.80

0.81
0.83
0.88

0.83
0.86
0.91
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5.1.3

Conclusion

This study focused on the use of viscoelastic surfactants at low pressure gradient to investigate the effect of selective retardation between different permeability cores. It was shown that selective retardation of the flow in high
permeability strata at application pressure gradient (< 1.0 bar/m) is possible.
It has been experimentally demonstrated that a substantial reduction in the
difference in flow rate can be achieved between cores of varying permeability
thereby creating a more uniform flow profile in a heterogeneous reservoir. This
is not necessarily a single line conformance, but an improvement upon normal
water-flooding. Recovery at 2.0 PV injected volume is increased up to 29%
while remaining in the low pressure gradient regime. Also a clear transition
between Newtonian and non-Newtonian behavior has been observed as the
pressure gradient increases.
The onset and magnitude of the selective viscosifying effect can be
controlled by altering additive concentration. Increasing the equimolar concentration of CTAB and NaSal in brine leads to a greater enhancement of the
viscosity and a decrease in the critical flow velocity at which non-Newtonian
behavior and selective viscosifying sets in. This implies it is possible to tailor
the VES solution to meet specific reservoir conditions to overcome early water
break-through.
These results are based on single phase experiments where there is
no interaction with hydrocarbons. Literature tells us that worm-like micelles
disintegrate when in contact with hydrocarbons, however this only occurs at
the oil/VES interface. A viscosity increase is desired only in low oil saturation
regions where oil has already been recovered. There would be less oil/VES
contact than in saturated regions where it is anyway desirable that there is no
VES effect.

5.2
5.2.1

Thermal stability
Abstract

A challenge when applying viscoelastic surfactants in oil field applications is
the elevated subsurface temperature. The VES fluids used in this work lose
viscosifying ability when temperature is significantly increased above room
temperature. The chemical composition of the solutions can be altered to
allow the fluids to remain viscoelastic at increased temperatures. Tests have
been performed which showcase the viscoelastic effect of VES fluids at 40°C
in high permeability sandstone rock.
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5.2.2

Results and discussion

As with most fluids, temperature has a significant effect on the viscosity of VES
fluids. High temperatures result in unstable end-cap interactions between the
entangled worm-like micelles which make up the viscosifying network [111].
This reduces the viscoelastic effect of the fluid changing it to a Newtonian
fluid [112]. In Couette flow the increase in temperature results in an increase
in the critical shear rate (at which shear-thickening occurs) and the decrease
in the maximum shear viscosity [113]. In figure 5.8 the effect of increased
temperature can be seen for a 2.0/2.0 VES solution in brine. At 22°C there
is a clear shear-thickening behavior and a critical shear rate around 190 s−1 .
Furthermore, at low shear rate the zero-shear viscosity is equal to 2.0 mPa·s,
indicating an increased zero-shear viscosity compared to the base fluid (brine,
1.0 mPa·s). However, when the temperature is increased to 40°C, the solution
shows no sign of shear-thickening and the zero-shear viscosity is equal to that
of water at 40°C. This indicated that the entangled network is not strong
enough to influence the shear rheology of the fluid.
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Figure 5.8: Shear rheology of 2.0/2.0 VES solution at two temperatures: 22°C
and 40°C
The work presented in the previous sections indicated that the shearthickening effect leads to an increased viscoelasticity of the fluid. This in turn
results in a significant increase in resistance factor in porous flow. Figure 5.9
shows the result of a core flow test done in the single core experiment presented
in chapter 4.4. These tests were performed in a small (diameter 25.4 mm,
length 40 mm) Berea sandstone core of 3000 mD at two temperatures; 22°C
and 40°C. The resistance factor (Λ) is found in a similar way as in previous
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experiments (equation 5.2) by measuring the pressure drop at an applied flow
rate. The graphs indicate that, as was expected based on the Couette flow
results, the increased flow resistance vanishes as the temperature is increased
to 40°C.
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Figure 5.9: Resistance factor versus pressure gradient of 2.0/2.0 VES solution
at two temperatures: 22°C and 40°C
Literature shows that some specific types of molecules can be used
to increase the thermal stability of worm-like micelles. When ortho-hydroxycinnamic acid (OHCA) is used as a co-solute in combination with sodium
salicylate (NaSal), the temperature at which the micelles break up is increased
[114]. The OHCA molecules perform a similar role as the NaSal molecules and
screen the repulsion force between the positively charged CT A+ head groups of
the worm-like micelles. Due to the structure of the OHCA molecule the wormlike micelles become more stable and more resilient to high temperatures.
The effect of adding OHCA molecules to the VES solutions was first
tested in Couette flow. The shear response of a 2.0/2.0/2.0 mM CTAB/NaSal
/OHCA solution is figure 5.10 at three different temperatures. At 22°C the
shear-thickening effect is apparent at a shear rate of approximately 150 s−1 .
When the temperature is increased to 40°C, a similar response is found; the
viscosifying effect is only slightly reduced due to the increase in temperature.
When temperature is further increased to 60°C the viscosifying effect vanishes.
These tests indicate that the addition of OHCA at equimolar concentration
results in a shear-thickening effect. Core flow analysis are done to find if these
fluid remain viscoelastic under porous flow conditions.
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Figure 5.10: Shear rheology of 2.0/2.0 VES solution with 2.0 mM OHCA at
three temperatures: 22°C, 40°C and 60°C
The 2.0/2.0/2.0 mM CTAB/NaSal/OHCA solution is tested in the
same 3000 mD Berea sandstone core as was used for the 2.0/2.0 solution. The
results of this experiment are plotted in figure 5.11. At a temperature of 22°C,
a clear increase in the resistance factor is noted when the pressure gradient
increases. When the temperature is increased to 40°C this effect remains
indicating that the fluid remains viscoelastic at high pressure gradients. This
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Figure 5.11: Resistance factor versus pressure gradient of 2.0/2.0 VES solution
with 2.0 mM OHCA at two temperatures: 22°C and 40°C
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implies that the use of OHCA creates a more stable network and the fluid
remains viscoelastic even at relatively elevated temperatures.

5.2.3

Conclusion

In order to apply VES solutions for conformance control in heterogeneous
reservoirs at temperature higher than 22°C an additive is required to increase
the thermal stability of the fluid. It was shown that OHCA at equimolar
concentration creates a more stable fluid and increases operation temperature
to 40°C. Additional research is required to find specific chemicals which can
further increase the operation temperature of these fluids to ca. 60°C.

5.3

Hydrocarbon displacement

Based on article: J. van Santvoort and M. Golombok, ”Viscoelastic surfactants for diversion
control in oil recovery”, J. Petrol. Sci. Eng., vol. 135, pp. 671-677, 2015 [115]

5.3.1

Abstract

Hydrocarbon recovery is significantly improved in heterogeneous systems by
injecting viscoelastic surfactant solutions. These solutions retard the effect
of preferential flow through the so called ‘thief zones’ (high permeability regions). The viscoelastic fluid passively increases flow resistance in regions of
high permeability thereby partially blocking ‘thief zones’. The low permeability volume paths in these heterogeneous reservoirs are swept more efficiently
since less of the injected flooding fluid is lost. The produced water cut is
significantly reduced which increases the overall effectiveness of the recovery
process. The solutions we used are self-regulating, making them universally
applicable without extensive knowledge of the reservoir properties.

5.3.2

Results and discussion

We investigate the use of viscoelastic surfactant (VES) in a two-phase environment and evaluate the performance as a displacing fluid. The previous
section showed that VES solutions are effective in creating a more uniform
flow through heterogeneous porous media [109]. These results however were
gathered from single phase experiments. Two-phase (hydrocarbon/VES solution) behavior has not been previously investigated. The impact of VES on
the recovery rate and efficiency in the two-phase dual core flow experiment,
discussed in section 4.4, are presented here.
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Simple shear
Interaction with hydrocarbons disrupts the formation of worm-like micelles
[116]. Our hypothesis is that if enough surfactant remains un-adsorbed by
the hydrocarbons, worm-like micelles are still able to form and alter the flow
behavior. This is the case in already swept high permeability zones where the
hydrocarbon saturation will be low. Thus we increase the concentration. A
6.0/4.0 solution in brine is used which shows shear-thinning behavior under
Couette flow (figure 5.12). At low shear rate the viscosity is over an order of
magnitude higher compared to the 2.0/2.0 solution. Shear-thickening can be
observed at a shear rate of 250 s−1 .
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Figure 5.12: Shear rheology of 6.0/4.0 VES solution at 22°C

Hydrocarbon recovery
The experimental setup was already described in section 4.4 using two sintered
glass cores with a permeability of 4400 mD and 260 mD to simulate a heterogeneous reservoir. First the displacement experiment is done with brine which
will be the base case for comparison with VES flooding. During brine flooding
the flow rate through both cores remains approximately constant. The efficiency of recovery is assessed by plotting the amount of hydrocarbon which is
recovered from the parallel system of two cores. Figure 5.13 shows the recovery
curve from brine flooding at a temperature of 22°C and a constant pressure
gradient of approximately 1.0 bar/m. The pump adjusts its flow rate in order
to maintain an equal pressure output. The x-axis displays the amount of pore
volume injected into the system of the two cores, i.e. the sum of the injected
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volume of both cores (equation 4.2). Initially there is a high recovery rate
(steep line between first two points) which results from the high permeability
core being flushed rapidly. Once most of the decane (viscosity 0.9 mPa·s at
22°C) is recovered from the high permeability core, break-through occurs in
this core. The hydrocarbon recovery rate then drops because the high permeability core is depleted. The recovery rate is then dominated by the amount
of hydrocarbon from the low permeability core where the flow rate is much
lower. After break-through in the low permeability core a total recovery with
brine injection of approximately 0.61 is reached. This amount slowly increases
because hydrocarbon is still being recovered after break-through although at
a much lower rate.
1

Recovery ER [-]

0.8

0.6

Brine
2.0/2.0
6.0/4.0
PV*6/4
PV*2/2
PV*brine

0.4

0.2

0
0

5

10
15
Injected pore volume [PV]

20

25

Figure 5.13: Recovery of hydrocarbon from a 260/4400 mD parallel core system versus the total amount of PV injected (sum of both cores) for three
displacing fluids: brine, 2.0/2.0 solution and 6.0/4.0 solution at 22°C and 1.0
bar/m pressure gradient. P V ∗ is the point where break-through is reached in
both cores
The 2.0/2.0 solution is flooded at equal pressure gradient (1.0 bar/m)
and shows a similar shape recovery curve to that of brine flooding (figure 5.13).
Eventually (after 7.0 PV) a slightly steeper curve can be seen, indicating a
marginally more efficient recovery process. The surfactant solution displaces
slightly more decane from the cores than brine. End recovery of brine is 0.72
where VES recovers 0.75 and 0.73 respectively for the 2.0/2.0 and 6.0/4.0
solutions. This added recovery results from the increased viscosity of the displacing fluid. The 6.0/4.0 solution shows the most efficient recovery. Initially
there is a steep recovery gradient when displacing decane from the high per80
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meability core. After break-through occurs in the high permeability core, it is
filled with VES which subsequently increases the resistance to flow. This allows for a more efficient sweep of the system since less fluid is lost through the
high permeability core. For the complete flooding of both cores the required
amount of fluid injected into the parallel system is reduced. Break-through
behavior is thus improved significantly as we will now discuss.
Figure 5.14a & 5.14b show the fraction of decane in the effluent of
both cores during a single parallel core flow experiment at equal pressure
drop. The x-axis gives the number of pore volumes injected into the system
of the two cores as defined by equation 4.2. Break-through occurs when the
displacing fluid has swept the core and comes out with the effluent. The decane
fraction of the effluent then becomes significantly lower than 1.0. Figure 5.14a
shows that the break-through point for the high permeability core during brine
flooding is equal to 0.24 PV. In other words, 0.24 PV has been injected into the
heterogeneous system in order to break through the high permeability core.
Experiments with the VES solutions show that this amount of injected pore
volume is approximately equal for all solutions indicating good reproducibility.
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Figure 5.14: Fractional flow of decane through different permeability sintered
glass cores while using brine as the displacing fluid
In figure 5.14b it can be seen that during brine flooding 6.8 PV of
brine is required in order for the fluid to break through in the 260 mD core.
During this process most of the displacing fluid flows through the already
broken through high permeability core. This fluid can be considered as lost
since it does not contribute to overall recovery. This is exactly what happens
in a heterogeneous reservoir where the high permeability layers act as ‘thief
zones’ where fluid is lost. So before fluid has broken through in both cores,
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6.8 PV of brine have been injected into the system. This number is used as a
comparison with the results from VES flooding to see if the required amount
of fluid is reduced (table 5.4).
Table 5.4: Total system injected pore volume at lower permeability core breakthrough P V ∗
∗
P Vbrine
6.8
∗
P V2.0/2.0
6.1
∗
P V6.0/4.0
2.1
The amount of injected fluid volume is reduced by using the VES
solutions which lowers the amount of fluid lost through the high permeability
core. When using the 2.0/2.0 solution the required amount of pore volume
to reach breakthrough is reduced to 6.1 PV. This reduction is small due to
interaction between hydrocarbons and micelles which reduce the viscosifying
effect. Increasing the concentration to 6.0/4.0 solution has resulted in a significant reduction of the required amount of pore volume. Now only 2.1 PV is
required for the fluid to break through in the system of two cores. Significantly
less fluid is lost through the high permeability core and the efficiency of the
flooding process is increased by a factor 3.

Retardation ratio
A significantly more efficient and higher recovery for a given volume of fluid
injected can thus be achieved by using a VES solution as the flooding fluid.
This can be tuned by varying the concentration. In single phase the 2.0/2.0
solutions showed significant flow retardation between the cores of different
permeability (figure 5.5) at constant pressure gradient. Figure 5.13 however
shows that the 2.0/2.0 solution does not have a substantial effect on recovery.
To investigate the cause of this, the retardation ratio Rr is plotted in figure
5.15a.
The retardation ratio uses the same concept as the resistance factor Λ
of equation 5.3 in single phase. The added flow resistance is calculated based
on the difference in flow velocity compared to a base case scenario (brine
flooding). However, in a multi-phase environment the flow resistance is not
solely determined by the pore structure, but also by the presence of other
fluids. The relative permeability needs to be taken into account and therefore
the absolute permeability cannot be applied as was done for the single phase
resistance factor Λ. Therefore retardation ratio Rr is used, which is the VES
flow rate through each individual core normalized by the constant flow rate
during base case brine flooding at equal pressure gradient. The retardation
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ratio thus gives the flow resistance of the VES fluid during the displacement
experiment.


Qbrine
Rr =
(5.5)
QV ES ∆P,κ
The retardation ratio is determined for both cores by analyzing both
separate effluents to determine the flow rate. Figure 5.15a shows that the flow
reduction in the high permeability core only starts after 6.0 PV is injected (i.e.
the retardation ratio in the 4400 mD core becomes significantly higher than in
∗ = 6.1 PV) has
the low permeability core). Break-through in both cores (P V2/2
already been reached at that point and the added value of the VES becomes
minimal. Due to the hydrocarbon-micelle interaction the effect of selective
viscosifying is reduced. It does not play a role until enough pore volume (6.0
PV) has been injected into the system. At that point sufficient amounts of
hydrocarbon appear to be removed and the hydrocarbon-micelle interaction
is not a problem anymore. The disrupting effect of the hydrocarbons becomes
less and the retardation ratio goes up in the high permeability core.
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Figure 5.15: Retardation ratio (equation 5.5) through low permeability (260
mD) and high permeability (4400 mD) core against the amount of pore volumes injected into the system of the two cores using two different VES fluids
(2.0/2.0 & 6.0/4.0). The dotted vertical lines represent the point where breakthrough has occurred in both cores (P V ∗ )
In contrast to the weaker solution, the recovery rate of the 6.0/4.0
solution is more efficient than the other fluids (table 5.4). Figure 5.15b shows
that the retardation ratio for 6.0/4.0 solution in the high permeability core is
much higher compared to the low permeability core. The magnitude increases
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throughout the entire experiment as more pore volumes of fluid are injected.
The effect is significantly higher compared to the 2.0/2.0 solution because of
the increased surfactant concentration. This leads to a more efficient sweep
of the parallel system of cores and less fluid loss through the high permeability core. One could argue that the disparity in retardation ratio between
cores is solely caused by hydrocarbon - micelle interaction. This effect will be
more prevalent in the low permeability core where the amount of decane is
higher throughout the experiment. This could explain why we found a lower
retardation ratio in the low permeability core. However, even after the low
permeability core has been fully flushed with VES, the retardation ratio remains low indicating that the effect is caused by the different flow conditions
between cores. This however could also be caused by a higher residual decane
saturation in the low permeability core. The magnitude of the retardation ratio with both VES solutions indicates that there is an added resistance caused
by the different flow conditions in the cores.

5.3.3

Conclusion

Hydrocarbon recovery from a heterogeneous system of permeable cores is considerably improved by the use of viscoelastic solutions. The required amount
of fluid injected into the system to reach break-through is reduced from 6.8
PV with brine to 2.1 PV with VES. The total recovery is not significantly
increased by utilizing VES fluids; at break-through (P V ∗ ), recovery (ER ) is
comparable for all fluids. However, the recovery process is typically halted
after 2 PV have been injected into the reservoir. At 2 PV the 6.0/4.0 solution
recovery ER is almost double that of brine flooding.
The increased efficiency is made possible by overcoming restrictions
to oil recovery arising from permeability variations. Injected displacing fluid
loss through high permeability ‘thief zones’ is reduced while not hindering
flow through hydrocarbon rich low permeability zones. We selectively reduced
flow in a two-phase (hydrocarbon/viscoelastic surfactant) environment. The
disrupting effect of hydrocarbon-micelle interaction has been overcome by increasing surfactant and co-solute concentration.
Flow resistance in a high permeability core was shown to be significantly higher than in a low permeability core. Increasing the concentration of
surfactant and co-solute leads to an enhanced resistance factor. An interesting
point is that non-monotonic Couette response is not necessarily required for
selective retardation. A 6.0/4.0 solution shows pure shear-thinning behavior
under Couette flow. In core flow experiments these solutions displayed a significant disparity in retardation ratio between cores of different permeability.
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5.4

Flow in sandstone and carbonate rock

J. van Santvoort and M. Golombok, ”Improved oil reservoir sweep with viscoelastic surfactants”, Energy Fuels, accepted, DOLI: 10.1021/acs.energyfuels.6b01932 [117]

5.4.1

Abstract

Viscoelastic surfactant solutions can increase oil recovery by selectively modifying the viscosity of the injected displacing fluid in different zones of the
reservoir. We demonstrate that flow resistance in high permeability sandstone
and carbonate streaks is increased whereas no significant change in viscosity
occurs in low permeability zones. This greatly reduces injected fluid losses
via the high permeability route. In two phase flow in sandstones, recovery
increases by about 25%. Efficiency also increases by a factor of 3 as shown
by the large reduction in injected volume at break-through. As a result less
fluid is lost through high permeability ‘thief zones’. Recovery is increased in
carbonates as well but the efficiency is depleted due to apparent changes in
formation wettability. The reduction in the amount of fluid injected before
break-through has the potential to prolong the economical lifespan of water
wet reservoirs.

5.4.2

Results and discussion

The previous section evaluated the performance of VES as displacing fluids.
The required amount of injected volume was reduced by a factor 3 and ultimate
recovery increased. For these tests sintered glass cores were used as the porous
media saturated with hydrocarbon. In this section we use real reservoir rock
(Berea sandstone and Mabrouk carbonate) of contrasting permeability. The
single phase tests are done in the dual core flow setup described in section
4.3. Hydrocarbon displacement is evaluated in the dual core flow experiment
described in section 4.4.

Single phase calibration
Initial tests are performed to find out if the VES shows selective retardation
in reservoir rock. The resistance factor (equation 5.3) of the 2.0/2.0 solution
flowing through contrasting permeability sandstone and carbonate cores are
shown in figure 5.16a & 5.16b. The 30 mD sandstone core has a nearly constant
resistance factor of Λ = 2.0. In this core the flow rate does not become high
enough for the VES fluid to become significantly viscoelastic. The 1600 mD
sandstone core on the other hand shows a clear increase in resistance to flow
with pressure gradient caused by the induced viscoelasticity of the fluid in the
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higher permeability rock sample. This leads to a reduction in flow rate. For
example, at 0.6 bar/m the flow rate of VES in the high permeability core is
reduced by Λ = 10 compared to brine. By contrast, the flow of VES in the
low permeability core at 0.6 bar/m is reduced by only Λ = 2 times compared
to brine. Flow is thus reduced more in the high permeability core decreasing
the difference in fluid velocity between the cores and creating a more uniform
flow profile.
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Figure 5.16: Resistance factor calculated using equation 5.3 in both high
and low permeability Berea sandstone and Mabrouk carbonate cores using
a 2.0/2.0 VES fluid
The carbonate cores in single phase show similar results as the sandstone cores (figure 3b). Here the difference in permeability (20 mD vs 130
mD) is less. However there is still a significant difference in resistance factor
between the cores. At equal pressure gradient the resistance factor in the 130
mD carbonate core is higher than in the 20 mD carbonate core. This again
leads to more flow reduction in the high permeability core which reduces the
inequality in flow rate between the cores. However, we shall see below that
differential wetting interferes with this apparently favourable effect in carbonates. Note that the 130 mD carbonate core has a higher resistance factor than
the 1600 mD sandstone core. This could be attributed to differences in the
porosity of the cores. Carbonates have a wider range of pore sizes which increases the chance of flow within the viscoelastic response region. That along
with vugs and dead-end cavities lead to a higher viscosifying effect even though
the permeability is lower.
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The 2.0/2.0 solution clearly shows selective retardation in high permeability zones in single phase. When applied to hydrocarbon displacement,
previous work has shown that the concentration of components needs to be increased in order to overcome lipophilic absorption effects. 6.0/4.0 solutions remained viscoelastic even when part of the surfactant molecules were adsorbed
into the hydrocarbon phase. Under shear (in Couette flow) this solution is
mostly shear-thinning as shown in figure 5.17. By contrast, a 30/10 solution
shows a more pronounced non-monotonic initially shear-thickening and then
shear thinning behavior. These solutions then form the basis for subsequent
two phase studies.
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Figure 5.17: Shear rheology of 6.0/4.0 and 30/10 VES solutions

Hydrocarbon recovery sandstone
Figure 5.18 shows the hydrocarbon recovery ER as a function of injected pore
volumes for high and low permeability cores. For the brine base fluid case,
initially there is a rapid increase in recovery due to the decane been displaced
from the high permeability core. The recovery rate then drops significantly
since the displacing fluid has broken through the high permeability core thus
greatly reducing its contribution to the total hydrocarbon recovery rate. From
this point on decane is predominantly recovered from the low permeability core
at a low rate. The high permeability core now serves as a ‘thief zone’ through
which displacing fluid is lost. After injecting 10.3 PV of brine, break-through
is reached in the low permeability core and both cores are fully flushed (i.e.
∗
P Vbrine
= 10.3).
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Figure 5.18: Decane displacement experiment with two Berea sandstone cores:
30 mD and 1600 mD for three fluids; brine, 6.0/4.0 and 30/10. The dotted
vertical lines in each graph represent the point at which break-through has
occurred in both cores (P V ∗ )
Turning to the VES solutions, the 6.0/4.0 solution (stars) shows an
improved recovery curve compared to brine. The initial recovery curve is very
similar since decane is mainly displaced from the high permeability core. After break-through has occurred in the high permeability core the local flow
resistance gradually increases. This reduces fluid flow through the high permeability core and thus less fluid is lost while sweeping the low permeability
core. The 30/10 solution shows an even better recovery curve. This is due
to the increased surfactant concentration which results in faster formation of
worm-like micelles in the presence of hydrocarbons. As table 5.5 shows, the
∗
30/10 solution required the least amount of PV to be fully flushed (i.e. P V30/10
∗ < PV ∗
< P V6/4
brine ).
Table 5.5: Injected pore volume at break-through time for both cores P V ∗
and total recovery ER for brine, 6.0/4.0 and 30/10
Fluid
PV ∗
ER
Brine
10.3
0.34
6.0/4.0
7.2
0.39
30/10
3.7
0.38
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Figure 5.19a shows that initially the retardation ratio (equation 5.5)
of the 6.0/4.0 solution is approximately equal in both high and low permeability cores. Flow resistance is almost equal for both cores and the VES
fluid does not appear to selectively viscosify the high permeability core. After
enough VES is injected the retardation ratio in the high permeability core
increases and selectively reduces the local flow rate. This effect is gradual due
to the adsorption of surfactants into the decane which become saturated when
more fluid is injected. After injecting 9 PV there is a sharp increase in the
retardation ratio where apparently more surfactant remains to form wormlike micelles. We quantify this behavior by α, the change of retardation ratio
per unit of injected pore volume. Assigning the superscript hi and lo to high
and low permeability rock respectively, we note that at least in the beginning
hi
lo
hi ≈ αlo .
α30/10
> α30/10
≈ α6/4
6/4
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Figure 5.19: Retardation ratio for both high (1600 mD) and low (30 mD)
permeability Berea sandstone cores during decane displacement experiments
for two solutions plotted against the injected pore volumes. The dotted lines
represent the point at which break-through has occurred in both cores (P V ∗ )
The behavior of the 30/10 solution is similar to the 6.0/4.0 fluid.
Initially the difference in resistance factor in both cores is small due to the
effect of hydrocarbon interaction. However, compared to the 6.0/4.0 solution
there is reduced impact of hydrocarbon interaction for the 30/10 solution.
More chemical can be sacrificed in hydrocarbon interaction while leaving sufficient concentration to retain the selective viscoelastic effect in high permeability rock. There are two effects here: first the high permeability rock has
reduced oil content due to prior flooding and secondly, there are more surfactant molecules available to be “sacrificed” by hydrocarbon interaction while
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leaving enough to provide the flow induced viscoelastic effect.

Hydrocarbon recovery carbonate
Figure 5.20 shows the results of the displacement experiments in carbonate
cores. We compare these results with the sandstone core results (figure 5.18).
Initial recovery rate is high which is caused by decane displacement from the
high permeability core. In contrast to sandstone cores, brine flooding requires
∗ < PV ∗ ,
∗
< P V6/4
the least amount of fluid to reach break-through (P Vbrine
2/2
table 5.6). This result implies that the amount of fluid lost through the high
permeability core is increased by using a VES fluid. On the other hand, total
recovery, ER , has been improved by using VES fluids. Brine flooding yields
38% of the OOIP at break-through whereas the 6.0/4.0 solution produces 57%
OOIP at that point.
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Figure 5.20: Decane displacement experiment with two Mabrouk carbonate
cores: 20 mD and 130 mD for three fluids; brine, 6.0/4.0 and 2.0/2.0. The
dotted lines in each graph represent the point at which break-through occurs
in both cores (P V ∗ )

Table 5.6: Injected pore volume at break-through time for both cores P V ∗
and total recovery ER for brine, 2.0/2.0 and 6.0/4.0
Fluid
PV ∗
ER
Brine
3.7
0.38
2.0/2.0
17.8
0.54
6.0/4.0
6.3
0.57
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The increase in required injected PV and total recovery could be a
result of the VES fluid altering the carbonate rock properties. To further
investigate this change in behavior compared with the previous sandstone experiments, a 2.0/2.0 solution was used. This 2.0/2.0 VES fluid has previously
been shown to have no significant viscosifying effect in a two-phase experiment due to surfactant adsorption in the hydrocarbon phase which disrupts
the formation of worm-like micelles. Thus the viscosifying effect is not present
but the effect on surface properties is. Interfacial tension (IFT) between brine
and decane is measured using the Du Nouy method at 57 mN/m. With VES,
IFT is reduced to 23 mN/m. The effect of surfactants on surface properties
can thus be isolated from the viscosifying one by using a 2.0/2.0 solution.
VES flooding with the 2.0/2.0 solution requires 17.8 PV before breakthrough in both cores is reached. Hydrocarbon recovery at that point is 54%
∗ is caused by a low local flow resistance
of the OOIP. The high value for P V2/2
in the high permeability core. Since this core is flushed in the beginning of
the experiment, the VES fluid only alters the properties of this specific core.
This is confirmed by figure 5.21a. Here the retardation ratio for both cores
during the experiment are plotted. Right at the start, there is a transient
spike in the retardation ratio of the 130 mD core since this is the point of
the largest displacement of decane at purely pseudo-plug flow. As soon as
the high permeability 130 mD core has been flushed, Rr reduces to 0.2. This
indicates that the flow rate through the high permeability core becomes 5
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Figure 5.21: Retardation ratio for both high (160 mD) and low (20 mD) permeability Mabrouk carbonate cores during decane displacement experiments
for two solutions plotted against the injected pore volumes. The dotted lines
represent the point at which break-through has occurred in both cores (P V ∗ )
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times higher than brine flooding. The increase in flow velocity through the
high permeability core means that more PV is required to fully flush the low
permeability core. The retardation ratio in the low permeability core remains
approximately 1 throughout the experiment.
A similar initial effect is seen in figure 5.21b where the retardation
ratio of the 6.0/4.0 solution is plotted. Initially Rr in the high permeability
130 mD core increases due to the start-up effect, after which it goes down to
a value below 1.0. Again this signifies that flow through this core is promoted
rather than reduced. However, after some time the resistance factor rises again
to a value above 1.0. This happens because of the delayed viscosifying effect.
This delay is caused by the surfactant molecules which first have to saturate
the decane before enough are left to form worm-like micelles. Correspondingly
the required injected PV for the 6.0/4.0 solution is much lower than with the
2.0/2.0 solution. It however does not improve upon brine flooding, the selective
viscosifying effect simply starts out too late.
It is hypothesized that the decrease in retardation ratio is caused by
the alteration of wettability of the carbonate rock. Surfactants have previously
been shown to change the wettability of carbonate rock from oil-wet to a more
water-wet system. As oil no longer wets the pores, the pore space through
which the VES can flow becomes larger (i.e. there has been an impact on the
relative permeability at altered residual oil saturation. Further investigation
on this effect falls beyond the scope of this study). This potentially decreases
the flow resistance resulting in higher flow rates. This hypothesis is further
supported by the fact that VES flooding in carbonate cores yields a higher
recovery compared to brine flooding. By contrast, sandstone cores are usually
water-wet explaining why this effect is not seen during these experiments.

5.4.3

Conclusion

In single phase flow, viscoelastic solutions have an enhanced flow resistance
factor in high permeability sandstone and carbonate cores compared to low
permeability ones. This reduces preferential flow in high permeability zones
and allows for a more uniform flooding profile within a heterogeneous reservoir.
Results from sandstone cores with contrasting permeability showed
that less fluid needs to be injected in order to fully sweep both cores. Fluid
loss through the ‘thief zones’ is reduced which increases the efficiency of the
recovery process. The retardation ratio is selectively increased in the high
permeability core, whereas it is not altered in the low permeability core. This
selective flow resistance decreases flow through the high permeability ‘thief
zones’ leading to more efficient recovery.
Hydrocarbon recovery from carbonate cores does not significantly
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benefit from VES flooding. Brine flooding is shown to be the most effective
displacing fluid even though there is no viscosifying effect. Both concentrations
of VES fluids used showed that more fluid was required to fully flush both
cores. Analysis revealed that the retardation ratio in the ‘thief zones’ starts
out lower than is the case for brine flooding. Consequently more fluids flow
through the high permeability zones and thus will be lost after break-through
has occurred. Increasing the concentration of the VES fluid, and thus the
viscoelasticity potential, does seem to improve upon this effect. It could well be
that at another corresponding point in the reference Couette profile a beneficial
effect could be obtained.

5.5
5.5.1

Fracture flow control
Abstract

Fluid loss through preferential flow paths created by natural fractures in oil
reservoirs can be overcome by utilizing the unique behavior of viscoelastic
surfactant (VES) solutions. Single phase tests show a VES solution viscosity
difference in matrix versus fracture flow at the same pressure gradient. The
fluid viscosity in the fracture is higher. This effect reduces the fluid “lost”
through the fracture. During decane displacement, the amount of injected
fluid lost through the fracture is reduced. Improved recovery is obtained and
the pore volume injected at break-through is reduced from 2.5 PV to ca. 1.0
PV (1 PV is the void space of the porous matrix and the fracture). These
results translate to a prolonged economic lifespan of a fractured heterogeneous
reservoir and a significant reduction in post breakthrough costs.

5.5.2

Results and discussion

In the first section of the current chapter (section 5.1) we controlled flow
through cores samples with a different matrix permeabilities. This effect has
previously also been demonstrated for contrasting fracture/aperture permeabilities [118]. We now test the use of VES fluids for competitive flow between
fracture and matrix flow. In addition, our fractures are no longer smooth,
which has been previously shown to be important to fully generate viscoelastic
effects [100]. This work is relevant for several Middle Eastern oil fields (e.g. in
Oman) where fractures cause preferential flow and early water break-through
which reduce the economic life-time of a reservoir.
Tests were performed on fractured cores which have an increased
permeability due to the addition of a fracture [58]. The total permeability
(κtot ) of this fractured core is a combination of the fracture permeability (κf )
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and matrix permeability (κm ). The contribution of the fracture is set by the
fracture void fraction (φf ). This is the void space of the fracture (Vf ) compared
to the total volume (solid matrix plus void space) of the core sample (Vc ). For
a fractured cylindrical core the total volume is equal to the sum of the fracture
void space (Vf ) and the volume of the matrix (Vm , solid matrix + void space):
φf =

Vf
Af · L
Af
=
=
Vm + Vf
Am · L + Af · L
Am + Af

(5.6)

Figure 5.22 gives a representation of a fractured core. The total
permeability of the fractured core can be calculated using equation 5.7, which
is derived in Appendix B [119]:
κtot = (1 − φf )κm + φf κf

D
Af
L

Am

Un-fractured core

(5.7)

D+wf ≈ D

L

Fractured core

Figure 5.22: Un-fractured and fractured cores used during single phase experiments with brine and VES solution
For conformance control we want to achieve a selective retardation
of the flow through the high permeability zone, i.e. the fracture. As was done
in previous single phase experiments (section 5.1) this can be determined by
finding the local resistance factor (Λ) based on the flow rate and pressure
gradient. The resistance factor is defined as the retardation of the flow velocity
of VES (vV ES ) compared to brine flooding (v0 ) at equal pressure gradients.
The difference is caused by the deviation in viscosity. The resistance factor is
also equal to the ratio of viscosity of VES (µV ES ) and brine (µ0 ) (section 5.1).




v0
µV ES
Λ=
=
(5.8)
vV ES ∆P,κ
µ0
∆P,κ
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Darcy’s law can be applied to find the resistance factor based on
measured data from core flow experiments:
Λ=

∆P
κ
µ0 vV ES L

(5.9)

To find the resistance factor in a fracture (Λf ), the permeability of
the fracture (κf ) and the flow velocity in the fracture (vVf ES ) need to be used
in equation 5.9. During fractured core flow the fluid simultaneously flows
through the porous matrix and through the fracture. A method is required to
find the fraction of the fluid flowing through the fracture in order to determine
the resistance factor in the fracture. Figure 5.22 gives a schematic overview of
the cores that were used for the experiment. The total flow rate through the
un-fractured core (Qtot
uc ) consists solely of fluid that is transported through the
matrix (Qm
).
uc
m
Qtot
uc = Quc

(5.10)

For the fractured core however, the total flow rate (Qtot
f c ) is a com)
and
through
the fracture
bination of the flow rate through the matrix (Qm
fc
(Qff c ).
f
m
Qtot
f c = Qf c + Qf c

(5.11)

Initially brine experiments were done to determine the total permeability of the cores and the data is later used as a base-case to which VES
flow is compared. The pump is set to increase flow rate in several steps while
the pressure drop over the core is measured. This experiment is done for both
the un-fractured core (120 mD) and fractured core (1100 mD). The difference
in total permeability implies that at equal pressure gradient flow through the
fractured core is more than 9 times higher than through the un-fractured core.
The matrix permeability of both cores is of course the same and the difference
in total permeability is solely caused by the fracture. The results can be seen
in figure 5.23a where the flow of brine through the un-fractured core (Qtot
uc )
and fractured core (Qtot
)
are
plotted.
Both
graphs
show
a
linear
relationship
fc
between the pressure gradient and the flow rate which is typical for a Newtonian fluid. At equal pressure gradient the flow rate in the fractured core is
much higher than the flow through the un-fractured core. This is due to the
additional fluid flowing through the fracture.
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Figure 5.23: Single phase total flow rate Qtot versus pressure gradient for unfractured core (120 mD) and fractured core (1100 mD) for two fluid: a) brine,
b) 1.5/1.5 VES solution

From the data presented in figure 5.23a the brine flow through the
fracture (Qff c ) can be determined. We assume that at equal pressure gradient
the flow rate through the matrix of the un-fractured core (Qm
uc ) is equal to the
m
flow rate through the matrix of the fracture core (Qf c ), i.e.:
Qm
fc


∆P

= (Qm
uc )∆P

(5.12)

For this to be valid, we assume negligible cross-flow between matrix
and fracture and assume a constant pressure drop over the cross section of
the core. When the matrix flow from the un-fractured core is subtracted from
the total flow rate through the fracture core, the fracture flow rate can be
calculated. The fracture flow of brine is plotted in figure 5.24. It is linearly
dependent on the pressure gradient due to the Newtonian fluid behavior.



m
Qff c
= Qtot
(5.13)
f c ∆P − (Quc )∆P
∆P

Figure 5.23b shows the flow rates through the un-fractured core (Qtot
uc )
tot
and fractured core (Qf c ) when a 1.5/1.5 VES solution is used. Due to the
non-Newtonian response of the VES fluid the flow rate no longer varies linearly
with the pressure gradient. This results in significant differences compared to
brine flooding.
• Flow of VES through the fractured core is greatly reduced compared to
brine flow at equal pressure gradient
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• Flow of VES through the un-fractured core is also reduced compared to
brine flow, however the reduction is relatively small
• The difference in VES flow rate between the fractured and un-fractured
core is reduced compared to brine. This implies a more uniform flow
profile
These observations imply that flow through the matrix structure is
reduced less than flow through the fracture. Figure 5.24 shows the difference
in flow rate between the fractured an un-fractured core of the 1.5/1.5 solution,
i.e. the flow rate through the fracture (Qff c , equation 5.13). Here Qff c initially
remains constant even though pressure gradient increases. This is caused by
the selective increase in flow resistance of the fluid inside the fracture. This
effect can be seen more clearly when looking at what fraction of the total core
fluid flows through the fracture:
Ff =

Qff c

(5.14)

Qtot
fc

Figure 5.25 shows Ff for both brine and the 1.5/1.5 solution. For
brine, Ff remains constant and independent of pressure gradient as we would
expect. Figure 5.25 shows a clear reduction of Ff for a pressure gradient up
to ca. 1 bar/m. This indicates that relatively less fluid is lost through the
fracture. At 1.0 bar/m, Ff reaches a minimum after which the ratio increases
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Figure 5.24: Single phase flow rate solely through fracture Qff c versus pressure
gradient on a log-log scale for two fluids: brine and 1.5/1.5 VES solution
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Figure 5.25: Fraction of the fluid flowing through the fracture (Ff ) against
the pressure gradient for fractured core (1100 mD) for two fluids: brine and
1.5/1.5 VES solution

again. This signifies that the flow resistance in the fracture decreases again
with increased pressure gradient. This is attributed to a thinning behavior of
the fluid in the fracture due to the increasingly high flow rate. Couette flow
results of VES solutions show a similar trend where shear-thinning occurs at
high shear rate (chapter 5.1).
The resistance factor of the VES fluid in the fracture (Λf ) is defined
as the ratio of the brine flow velocity in the fracture (v0 ) and the VES flow
velocity (vV ES ) at equal pressure gradient. It is used as a measure for the
flow resistance inside the fracture. Similarly to equation 5.8 this is equal to
the ratio of the apparent viscosity of VES and brine.
!
!
µfV ES
v0f
Λf =
=
(5.15)
vVf ES ∆P,κ
µf0
∆P,κ
The flow velocity through the fracture is derived by using the fracture
void fraction (φf ).
f

v =

Qff c
Af

=

Qff c
φf (Af + Am )

(5.16)

Here Af is the frontal surface area of the fracture and Af + Am the
total frontal surface area of the core (figure 5.22). The resistance factor is very
similar to the resistance factor described in equation 5.9, only now with the
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fracture permeability κf and the flow velocity through the fracture vVf ES :

Λf =

κf
µ0 vVf ES

κtot − (1 − φf )κm
∆P
∆P
=
(Af + Am )
f
L
L
µ0 Q

(5.17)

fc

The fracture width is very small for this experiment so the fracture
surface area is also very small. For the single phase experiments the matrix
surface area is approximately 4.8 cm2 whereas the fracture surface area is approximately 0.05 cm2 . We can say that Am >> Af and φf = 0.01 (equation
5.6). The estimated fracture permeability is κf ≈ 100D which was found by
using equation 5.7 and the known total permeability (κtot ), matrix permeability (κm ) and the fracture void space (φf ). Equation 5.17 reduces to:
Λf =

κtot − κm
µ0 Qff c

Am

∆P
L

(5.18)

The resistance factor for the single phase experiment is plotted in
figure 5.26 which is obtained by applying equation 5.18. The result is compared
to the resistance factor in the matrix (Λm ) derived using equation 5.9. Note
that initially the resistance factor is equal in the fracture and the porous
matrix. This is due to the pseudo-Newtonian behavior of the fluid at low
flow rate as previously shown in section 5.1. When the pressure gradient
increases, the flow rate through the fracture become substantially higher than
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Figure 5.26: Resistance factor against pressure gradient in single phase for a
1.5/1.5 VES solution for matrix flow and fracture flow
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in the matrix. The fluid in the fracture becomes viscoelastic at lower pressure
gradient indicated by the increased resistance factor. The maximum resistance
factor is achieved at approximately 1.0 bar/m, where Λf = 15 and Λm = 3.
This implies that the flow reduction in the fracture is a factor 5 higher than in
the matrix. Furthermore, it should be noted that the resistance factor exceeds
the maximum viscosity of a 1.5/1.5 solution predicted in the Couette cell
(see section 5.1). This signifies that the flow is dominated by the viscoelastic
response rather than the shear response.
Further increasing the pressure gradient leads to a decrease in resistance in the fracture due to a local shear thinning-effect. In the matrix
however, the resistance factor still increases. At a pressure gradient of approximately 2.0 bar/m, the fluid resistance in the fracture is lower than in the
matrix. Fluid flow through the fracture is now promoted resulting in an increased effect of preferential flow. However this is above the range of pressure
gradients in which we are interested.

Hydrocarbon displacement in fractures
Single phase results show the potential for fluid retardation by VES fluids
in natural fractures. Next, the dual core decane displacement experiment described in section 4.3 is used to evaluate the effect in a two-phase environment.
In this setup an un-fractured core and a fractured core are flooded parallel to
each other. Two Berea sandstone cores with equal matrix permeability (60
mD) are used. In one of the two cores there is a fracture which increases
the total permeability to 100 mD. Here the total permeability is significantly
lower than the fractured core used in the single phase experiment. The matrix
surface area is approximately 20.3 cm2 whereas the fracture surface area is
approximately 0.025 cm2 . Fracture void space becomes φf = 0.0012 and the
fracture permeability is estimated at κf ≈ 33D. This relatively low fracture
permeability is due to the small width of the fracture compared to the diameter of the core. Fracture width distributions vary between reservoirs and it is
therefore difficult to set a specific fracture size for these experiments. These
tests are performed to showcase the applicability of these fluids in fractured
reservoirs. Before flooding, the cores are placed in parallel and saturated with
decane. Brine and a 6.0/4.0 VES solution are used to displace the decane to
simulate the behavior of the fluids in a fractured reservoir.
Figure 5.27 shows the hydrocarbon recovery during this experiment.
The graphs represent the combined simultaneous recovery from both the fractured core (matrix + fracture flow) and un-fractured core (pure matrix flow).
The base case scenario, when brine is used as the displacing fluid, shows three
distinct regimes. Initially (up to 0.75 PV) there is a steep rise in recovery due
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Figure 5.27: Hydrocarbon recovery from dual core experiment with fractured
(100 mD) and un-fractured (60 mD) Berea sandstone core using brine and
6.0/4.0 as the displacing fluid

to fast production of decane from the fracture and from the porous matrix
adjacent to the fracture. The increase in recovery slows down when the decane is recovered from these regions. Now decane is solely produced from the
porous matrices of both cores. Most of the injected fluid flowing through the
fracture is then considered as lost since it no longer significantly contributes to
the recovery. After injection of 2.5 pore volumes (P V ) of brine, break-through
∗
has occurred in both cores (P Vbrine
= 2.5) and recovery no longer increases.
The same decane displacement experiment was performed with a
6.0/4.0 VES solution. (Lower concentrations VES fluids do not work as the
viscosifying effect is disrupted when hydrocarbons are present. The 6.0/4.0
solution has been shown to overcome this effect [115] ). Recovery with 6.0/4.0
injected fluid is shown in figure 5.27. Less injected fluid is required to reach
∗ = 1.0). This is due to the increased flow
break-through in both cores (P V6/4
resistance inside the fracture which reduces the amount of fluid flow – effectively otherwise wasted injection fluid. Thus compared to brine flooding, 2.5
times less fluid is required to fully flush the system of two cores. Furthermore,
an increased amount of decane is mobilized from the rock which continues to
produce even after break-through. This could be caused by the viscoelasticity
of the fluid which pulls more oil from the pores thus increasing recovery.
The retardation ratio is used to find the flow resistance in the individual cores by comparing the flow during VES flooding to the flow rate
during brine flooding at equal pressure gradient.
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Rr =

Qbrine
QV ES


(5.19)
∆P,κ

The retardation ratio plotted in figure 5.28 is initially equal for both
cores. This changes once VES fluid is injected into the parallel system of
cores. The retardation ratio selectively increases in the fractured rock whereas
it stays lower and constant in the un-fractured rock. The gradual increase
in the fractured rock is due to a delayed response caused by hydrocarbon
interaction. This effect becomes less as the decane saturation decreases and
more surfactants are available to viscosify the VES fluid. The flow disparity
between cores is reduced and less fluid is lost through the fracture resulting in
a more efficient sweep of the heterogeneous system and a reduced amount of
injected pore volume.
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Figure 5.28: Retardation ratio during decane displacement experiment for
a 6.0/4.0 solutions in a fractured (100 mD) and un-fracture (60 mD) Berea
sandstone core

5.5.3

Conclusion

Single phase flow shows that viscoelastic surfactant solutions have a higher flow
resistance in fractures compared to matrix flow. This reduces the difference in
flow rate at equal pressure gradient and results in a more uniform flow path in
a fractured reservoir. However, when the pressure gradient becomes too high,
the resistance factor decreases inside the fracture thus favoring flow through
the fracture rather than through the matrix.
102

CHAPTER 5. RESULTS AND DISCUSSION

Hydrocarbon recovery was significantly improved due to the reduction in fluid lost through the high permeability fracture. Brine flooding required 2.5 PV to reach break-through in both cores corresponding to fully
sweeping the parallel cores. When using a 6.0/4.0 VES solution this amount
is reduced to 1.0 PV. An increased flow resistance was observed in the fractured core which reduces the amount of fluid lost. Furthermore, an increased
recovery is observed caused by the mobilization of additional decane by surfactant interaction.

5.6
5.6.1

Microfluidics
Abstract

The behavior of VES solutions is investigated in a pillared micro-channel which
simulates a porous rock. The macroscopic response of the fluid at different flow
rates is determined in order to evaluate the rheological behavior of VES fluids
in these complex geometries. Based on the macroscopic behavior, specific flow
rates have been selected for visual flow analysis on a microscopic scale. Flow
trajectories of the VES fluid in the pseudo-Newtonian regime show steady and
symmetric flow behavior. When the flow rate is increased, a strong elastic
contribution to the rheology of the fluid changes the spatial and temporal
behavior of the flow. The unsteady and asymmetric flow behavior causes the
increased flow resistance found in the macroscopic analysis.

5.6.2

Results and discussion

The core flow experiments performed in the previous sections can be considered as ’black box’ tests. A flow rate is applied and a pressure drop is
measured. Together they are used to find the flow resistance which characterizes the viscoelastic response of the fluid inside the porous media. However,
these core flow tests give no insight into the actual flow behavior of the fluid
inside the cores and in the origin of the increased flow resistance. We now
investigate the behavior of the VES fluid within the viscoelastic regime by doing a visual analysis of VES flowing through a pillared micro-channel (chapter
4.6). First we carry out the macroscopic bulk scale analysis of flow similar to
that performed on the previously described experimental configurations. This
is followed by the microscopic analysis based on streamline analyses using the
images taken during the experiment.
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Macroscopic behavior
The behavior of VES fluids in porous media can be divided into two regimes;
the pseudo-Newtonian regime and the viscoelastic regime. In the pseudoNewtonian regime flow resistance (i.e. apparent viscosity) is constant whereas
in the viscoelastic regime flow resistance is dependent on the flow conditions.
Both flow regimes are of interest for visual flow analysis to showcase the microscopic behavior of VES solutions. Initial tests are performed with VES
fluids to find their response in the pillared micro-channel array. The pressure
drop at different flow rates is measured to determine whether the flow deviates
from pseudo-Newtonian behavior. (We remind the reader that we use the term
pseudo-Newtonian to refer to where the viscosity is constant over a range of
pressure driven flows even though this is not the case for the same solution
over a range of shear rates in Couette flow. The prefix ‘pseudo’ is used because, strictly speaking, Newtonian flow is defined as constant viscosity over
a range of shear rates in a Couette cell measurement). The single phase tests
were performed without the addition of tracer particles to the fluid. These
are solely used in the visual flow analysis which will be done at a later stage
under constant flow conditions.
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Figure 5.29: Pressure drop against flow rate for brine and 2.0/2.0 VES solution
in P16 micro-channel
Figure 5.29 contrasts the flow rate response to pressure gradient for
brine and 2.0/2.0 mM VES solution. Initially the 2.0/2.0 solution is nearly
identical to the brine response. This indicates pseudo-Newtonian behavior
at low pressure gradient. However, when the pressure gradient increases, the
graph of the 2.0/2.0 solution starts to deviate from brine. At equal pressure
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gradients the flow rate of the 2.0/2.0 solution is much less than that of brine
as we have observed in previous measurements in other set-ups. This signifies
an increased flow resistance for the VES solution. Similar results have been
observed for sintered glass cores in single phase experiments (section 5.1).
The deviation from pseudo-Newtonian behavior can be investigated
by introducing the resistance factor (Λ) as was previously done for core flow
experiments. It is a measure for the flow retardation of VES fluids compared
to brine and is equal to the ratio of brine flow velocity (v0 ) and VES flow
velocity (vV ES ). Applying Darcy’s law shows that the resistance factor is
equal to the ratio between the apparent viscosity of the VES solution (µV ES )
and brine (µ0 ):




v0
µves
Λ=
=
(5.20)
vV ES ∆P,κ
µ0 ∆P,κ
The resistance factor can be obtained from figure 5.29 by calculating
the ratio between the brine flow rate and the 2.0/2.0 solution flow rate at
equal pressure gradient. The range of the Reynolds number is 5 × 10−5 <
Re < 5 × 10−2 , indicating that viscous forces are dominant over inertial forces.
Darcy’s law in combination with the set flow rate and measured pressure drop
during the single phase experiments is used to find the resistance factor:
Λ=

κ
∆P
µ0 vV ES L

(5.21)

The resistance factor is plotted against the flow rate in figure 5.30 for
a 2.0/2.0 mM VES solution in both the P5 and P16 micro-channel (table 5.7).
When the flow rate is sufficiently low the resistance factor is approximately 1.0.
This indicates that the flow behavior is pseudo-Newtonian with an apparent
viscosity of VES which is equal to brine (equation 5.20). When the flow rate
is further increased the fluid becomes viscoelastic and the resistance factor
increases. The transition into the viscoelastic regime is a consequence of shear
induced viscoelasticity. At a specific flow rate the shear rate is high enough
for a shear induced structure (SIS) network to form. Previous work indicated
that this network transforms the fluid from a viscous fluid to a viscoelastic
fluid [97, 99, 100]. At low flow rates the fluid will remain viscous and thus will
show pseudo-Newtonian behavior. At higher flow rate the SIS network forms
making the fluid viscoelastic. The fluid is no longer able to relax all internal
stresses in between the pillars, leading to build-up of elastic stresses [89]. The
flow resistance becomes a synergistic effect between the shear and extensional
response of the fluid [120]. This leads to a significant increase in flow resistance
which exceeds the purely viscous response found in Couette flow.
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Figure 5.30: Resistance factor at different flow rates for a 2.0/2.0 mM VES
solution in two micro-channels: P5 and P16
Figure 5.30 shows that the resistance factor increases first in the P5
micro-channel where the distance between the pillars is smallest (table 5.7).
At equal flow rate, shear rate will be higher in this channel since the distance
between the pillars is smaller. The SIS network will form at a lower flow
rate, transforming the fluid from a purely viscous to a viscoelastic fluid. This
leads to the increase in the resistance factor found in figure 5.30. Not only
is the onset of viscoelasticity at a lower flow rate, but also the magnitude
of the increased resistance is higher in the P5 channel. As we shall see in
the following section on microscopic effects, this is caused by the increased
complexity of the flow due to additional flow perturbations caused by more
pillars at smaller spacing.

Channel
P5
P16

Table 5.7: Micro-channel
Permeability
Porosity
(mD)
(-)
4000
0.76
85000
0.90

properties
Dp
Xp
(µm) (µm)
4.65
10.8
16
30

Yp
(µm)
2.3
30

The results for 3 different concentration VES fluids in the P16 microchannel can be seen in figure 5.31. An increase in flow resistance is observed
first for the 2.0/2.0 solution. This is in line with the expectations from the
Couette flow results where the 2.0/2.0 solution shows the lowest critical shear
rate at which SIS are formed (figure 5.1). The magnitude of the thickening
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effect is also largest for the 2.0/2.0 solution which is in line with findings in
Couette flow. A stronger network forms for the 2.0/2.0 solutions leading to a
higher degree of viscoelasticity. The same can be said for the point at which
the resistance factor starts to decrease. Based on the shear rheology it can be
seen that this occurs first for the 2.0./2.0 solution.
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Figure 5.31: Resistance factor at different flow rates in the P16 micro-channel
with different concentration VES solutions: 1.0/1.0, 1.5/1.5 and 2.0/2.0
The results from the micro-channel can be compared to the results
from the core flow tests presented in section 5.1. We used the highest permeability core for comparison - a 4400 mD sintered glass core - since this is closest
to the permeability of the P5 micro-channel. In order to make a comparison
between them the flow rate is replaced by the apparent shear rate for both
experiments. For porous flow through the sintered glass core the apparent
shear rate can be determined via (equation 3.19) [78]:
4·α·u
γ̇app,core = p
8κ/φ

(5.22)

In this equation u is the interstitial flow velocity (v/φ) and α is
a correction factor, which is equal to 2.5 for packed bed geometries. The
micro-channel flow rate is converted to apparent shear rate by using the brine
permeability calculated during brine tests:
u
γ̇app,mic = √
κ
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These results are plotted in figure 5.32 where the Couette flow result
is also shown. The resistance factor of the rheometer data is calculated by
dividing the viscosity by the base fluid viscosity (equation 5.20). The critical shear rate where thickening occurs overlaps for the micro-channel and
the sintered glass core. The magnitude of the increase in resistance factor is
significantly larger in the porous core.
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Figure 5.32: Resistance factor against apparent shear rate for 2.0/2.0 VES
solution in Couette cell, porous core and P5 micro-channel
The critical shear rate derived from Couette flow results does not
overlap with the micro-channel and porous core results. The flow rate in a
Couette cell, like the shear rate, is constant. By contrast, the complex flow
inside the pillared micro-channel and the sintered glass cores results in variations in shear rate. The local shear rate might be substantially higher than
what is calculated in equation 5.22 and 5.23. Locally the shear rate becomes
high enough for the formation of a SIS network which increases the flow resistance. Furthermore, the entangled network is promoted by the elongational
component of the flow which is not present in Couette flow. This could result
in the formation of a more complex network and would cause a stronger effect
of viscoelasticity of the fluid [102]. Such speculations can only be checked with
the microscopic analysis presented in the next section where a visual analysis
of the trajectories of tracer particle is performed in the pillared micro-channel.

Microscopic behavior
An increase in the resistance factor is observed for VES solutions in the single
phase experiments in a pillared micro-channel. Here we suspect the induced
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elasticity of the fluid to cause the extensional component of the flow to become
dominant over the shear component. This increases the flow resistance which
was seen in the previous experiment. To investigate this, 1 µm particles are
added to the flow which follow the streamlines and provide a clear image of
the flow behavior inside the pillared micro-channel. A recent analysis breaks
flow around a single pillar into three parts [120]:
• Upstream of the pillar: the fluid elements get compressed prior to flow
past the pillar
• At the pillar: the flow is exposed to relatively high shear rates
• Downstream of the pillar: the flow is extended
Extensional rheology thus plays a significant role in the flow around these
micro pillars.
In the following, we show the streamlines of the tracer particles which
flow past the array of pillars inside the P16 micro-channel. These are constructed by plotting the particle density of the target area for 20 frames in a
single image. This results in the path of the tracer particles in 0.4 seconds at
a constant pump flow rate. The flow patterns of tracer particles are visible as
the blue lines. No mask was used to filter out the pillars: these are detected
by the DaVis software and displayed as the static multicolored rings.
Figure 5.33a shows the behavior of brine at a flow rate of 3 µl/min
through the P16 micro-channel. The fluid meanders past the pillars showing
steady flow with nearly perfect symmetry around the pillars (Stokes flow). The
pressure drop data shows no increase in resistance factor which is expected
due to the Newtonian behavior of the fluid.
Figure 5.33b and 5.33c compare the low and high flow response of the
2.0/2.0 VES solutions. In figure 5.33b the trajectories of the tracer particles
are shown at a low flow rate of 0.5 µl/min. The smaller multicolored circles
again represent the pillars, however now larger multicolored circles are present
in the flow. The tracer particles tend to agglomerate and form these large sized
clusters which are transported through the array of pillars. These however do
not significantly influence the flow behavior. In figure 5.31 it was found that
the resistance factor of the 2.0/2.0 solution at 0.5 µl/min is near unity (Λ
≈ 1) which indicates that the fluid is in the pseudo-Newtonian regime. This
behavior can also be deduced from figure 5.33b where a steady and symmetric
flow is observed resembling a Newtonian fluid.
Increasing the flow rate of the 2.0/2.0 solution to 3.0 µl/min results
in an increase in resistance factor according to figure 5.31 (Λ ≈ 15). The microfluidics experiment (figure 5.33c) shows that the trajectories of the tracer
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(a) Brine at 3.0 µl/min

(b) 2.0/2.0 at 0.5 µl/min

(c) 2.0/2.0 at 3.0 µl/min

Figure 5.33: Tracer particles trajectories (blue lines) in P16 micro-channel for
flow of: a) brine at 3.0 µl/min, b) 2.0/2.0 at 0.5 µl/min, c) 2.0/2.0 at 3.0
µl/min

particles are no longer steady and symmetric. Rather, the flow becomes asymmetric indicating an unstable flow behavior. The Reynolds number however
is low (Re ≈ 0.01) so the elastic effect is likely to cause the instabilities. The
increased viscoelastic stress modifies the flow field and as a result of this elastic
behavior the flow becomes unstable and the tracer particles start to change
lanes. In the literature this effect is known as elastic turbulence [121], where
the fluid flow becomes nonlinear and time-dependent. The notion of elastic
turbulence is further supported by figure 5.34 where the trajectories at three
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(a) t1

(b) t2

(c) t3

Figure 5.34: Tracer particles trajectories (blue lines) in P16 micro-channel
for 2.0/2.0 solution at 3.0 µl/min for 20 frames at different times during a
measurement

different time periods are displayed. These are all distinctively different revealing the non-steady behavior of the viscoelastic fluid. This higher complexity
results in a larger contribution of the elongational flow which further increases
the resistance factor. When the flow rate is further increased the resistance
factor decreases again as the worm-like micelles degrade under the increasingly
high shear rates. Scission of the worm-like micelles occurs and the viscosifying
effect reduces.
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These effects also explain the overlap of the critical shear rate observed above and the difference in magnitude of the flow resistance (figure
5.32). This is due to the increase complexity of the flow through the sintered
glass core compared to the pillared micro-channel. Flow past a cylinder can
be considered as the 2D equivalent of the packed bed. Therefore the complexity of the flow is increased and thus there is a larger contribution of the
viscoelastic effects.
The increased complexity of the flow results in an enhanced flow resistance as the elongational component of the flow becomes stronger. Figure 5.35
shows the behavior of the 1.5/1.5 solution under shear-thickening condition at
15 µl/min (Λ ≈ 4). Tracer particles agglomeration was more significant during
this measurement as can be seen in the image (figure 5.35). VES flow also
becomes asymmetric and time-dependent. However the level of asymmetry
and observed lane changing behavior of the tracer particles is less compared
to the 2.0/2.0 solution. This indicates a reduced viscoelastic effect. This further enhances the hypothesis that viscoelasticity is coupled to the strength
of the entangled network that forms under shear/extensional conditions. The
increase in flow resistance is directly coupled with the level of symmetry and
unsteadiness of the flow. This effect has been observed with other viscoelastic
solutions [122].

5.6.3

Conclusion

In the above, we have restricted ourselves to some qualitative observations
to explain behaviors observed in the porous rock samples. The microfluidics
experiment shows a clear flow transition from the pseudo-Newtonian regime
to a viscoelastic regime. Unsteady and asymmetric flow behavior causes the
increase in flow resistance at high flow rates. Analyses of the vector profiles associated with these observations were not sufficiently statistically reproducible
to be able to derive quantitative parameters. These would be questionable in
any case given the vast difference between flow in the (smooth) micro-channel
(with porosity of 0.9) and that in a porous matrix (porosity 0.22) or single
rough walled fracture. Furthermore, in the current setup it was challenging
to perform experiments at frame rates higher that 60 fps which are required
to visualize flow at high flow rate. These clearly indicate future directions to
follow but were outside the scope of the current project.
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(a) t1

(b) t2

(c) t3

Figure 5.35: Tracer particles trajectories (blue lines) in P16 micro-channel
for 1.5/1.5 solution at 15.0 µl/min for 10 frames at different times during a
measurement
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Conclusion and
recommendations
The aim of this work was to overcome the challenges associated with reservoir
heterogeneity which limit how much oil can be displaced from a reservoir during secondary production. This limitation arises from preferential flow through
high permeability zones or ‘thief zones’. Non-Newtonian viscoelastic surfactant solutions were identified as fluids which have the potential to self-regulate
reservoir flow in porous media with a contrasting range of permeabilities. This
is due to their unique tunable rheological behavior. In pressure driven reservoir flow these fluids thicken in high permeability zones and therefore locally
increase the fluid flow resistance. In low permeability layers the viscosity of the
fluid is less affected with less alteration of the flow. This results in a selective
decrease in flow velocity through the ‘thief zone’ which reduces the amount
of fluid lost after break-through. This concept was tested in several experimental setups to enhance our understanding of these fluids and evaluate their
potential for improved oil recovery. We may consider the study as exploring
a number of relevant dimensions: single/two phase behavior; single/parallel
core studies, matrix/fracture flow as well as idealized/rock samples.
One dimension which was only explored in a restricted fashion was
the chemical constitution of the viscoelastic (VES) fluids. We only used
two components dissolved in brine: a cationic surfactant (CTAB) and an
organic salt (NaSal). When the surfactant concentration is high enough, these
molecules form worm-like micelles which create a macromolecular network in
the fluid in which they are dissolved. This alters the rheological behavior of
the fluid, transitioning into a non-Newtonian viscoelastic surfactant (VES) solution. We made the point in this study, that linear flow/pressure response is
not the same as a ‘Newtonian’ system. Strictly speaking the latter is defined
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by a constant viscosity under varying shear for a fluid under Couette flow. We
describe pseudo-Darcy linearity as being ‘pseudo-Newtonian’. The viscosity
measured in these cases is not the same as would be obtained in a Couette
cell whereas that is indeed the case for classical ‘Newtonian’ fluids.
Initially we tested these VES fluids in single phase parallel core flow
experiments with artificial sintered glass porous cores at low pressure gradients
in order to investigate the rheological response. Two distinct regimes were
identified originating from the unique non-Newtonian behavior of these VES
fluids. At low flow rate a pseudo-Newtonian regime was found where the
apparent viscosity is equal to the zero-shear viscosity derived from Couette
flow. When the flow rate was increased a clear transition into a second regime
was found, the viscoelastic regime. Here the behavior of the fluid is dominated
by the elastic and elongational components of the flow rather than solely by
their shear response. The result is an increased apparent viscosity far above
what could be achieved by pure shear flow.
The single phase experiments showed that the induced flow resistance
for the VES solution in the high permeability cores was significantly higher
than in the low permeability cores at equal pressure gradient. This is caused
by the pressure driven nature of reservoir flow. The equivalent flow rate in the
high permeability core is higher than in the low permeability core at equal pressure gradient. The higher flow rate results in a more pronounced viscoelastic
effect and an increased local flow resistance. A selective reduction in flow rate
in the ‘thief zones’ is achieved, thereby creating a more uniform flow through
the heterogeneous system. i.e. we have replaced the Couette non-Newtonian
system where µ(γhi ) > µ(γlo ) with a pressure driven non-Newtonian system
where µ(vhi ) > µ(vlo ). We showed that the additive concentration controls the
onset and magnitude of the viscosifying effect in porous flow and concluded
that the fluid can be tailored to meet specific reservoir conditions. Furthermore, it was shown that additives can be added to the solution to increase the
thermal stability of the VES fluid.
Initial results were gathered in a single phase experiment where there
was no contact with any hydrocarbon. However, surfactant molecules strongly
react to the presence of a non-aqueous phase. The performance of VES fluids
was evaluated in a two phase hydrocarbon displacement experiment and compared to brine (representing seawater) flooding. It was found that the presence
of hydrocarbons disrupts the formation of the worm-like micelles which are
needed to achieve selective viscosifying of the fluid. However we also showed
that this fact is useful. We only want augmented viscous retardation in the
high permeability zones which have already been swept by the injection fluid.
It is in precisely these regions that the oil saturation is reduced from its initial
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level (Soi ) to the residual level (Sor ). Thus the flow is only slowed down in
those regions already swept. In the low permeability zones where there is more
oil present, the flow will not be slowed down. We increased surfactant concentration to enable enough surfactant molecules to remain after hydrocarbon
adsorption and still form a viscosifying network. Data analysis showed that
only the high permeability core experienced increased flow resistance which
decreased local fluid flow. Ultimately a significant reduction in injected displacing fluid was achieved by utilizing VES fluid instead of brine.
Experiments in representative (Berea) sandstone and (Mabrouk) carbonate reservoir rock were done to evaluate the performance of these fluids as
a first step towards applications. In single phase (no hydrocarbon contact) a
clear disparity in resistance factor was found between the high permeability
and low permeability rock at equal pressure gradient. These core samples were
also tested in the hydrocarbon displacement experiment to evaluate the use of
these fluids in a two-phase environment. For sandstone cores a reduction in
the required amount of injected fluid was achieved to fully sweep the heterogeneous system. A selective increase in resistance factor was found in the high
permeability sandstone core thus reducing the amount of fluid lost after breakthrough. Hydrocarbon recovery from carbonate cores however was found not
to benefit from the use of VES fluids. The required amount of injected volume
was increased compared to normal brine flooding. It was hypothesized that
this is a result of wettability alteration in the carbonate rock which increases
preferential flow.
The first part of the study was concerned with flow through a permeable inhomogeneous porous matrix. However a major source of conformance
control in sweeping a reservoir, are the high permeability ‘thief zones’ that
are attributable to naturally present fractures. The use of VES fluids in inhomogeneous naturally fractured porous rock was a major item of this study.
The fracture served as the ‘thief zone’ rather than the high permeability matrix described above. Single phase analysis showed that the resistance factor
of the flow inside the fracture was selectively increased whereas the flow in
the lower permeability matrix was not significantly affected at equal pressure
gradient. This results in a more uniform flow through the fractured core. A
two-phase decane displacement experiment with a fractured and un-fractured
core showed a significant reduction in fluid lost through the fracture. Furthermore, an increase in total recovery was achieved due to additional mobilization
of hydrocarbons from the matrix of the fractured core. This work shows that
VES fluids are not only suitable for conformance control in heterogeneous
reservoirs flow but also for highly fractured reservoirs.
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Most of the experiments in this study rely on bulk pressure driven
flow observations. Any discussion of microscopic effects (e.g. worm-like micelles etc.) leans heavily on other work. Nevertheless we did augment our
study with a microscopic study using a microfluidics device to examine the
flow behavior of VES fluids inside a porous media. An array of micron size
pillars on a silicon micro-channel served as a visual accessible porous media to
analyze the flow behavior. First a macroscopic analysis of the flow was done for
different concentration VES fluids. It was found that the critical shear rate
above which viscoelastic effects manifest themselves in sintered glass cores
corresponds to the value in the pillared micro-channel. Next a microscopic
analysis was done by assessing the flow trajectories of tracer particles at different flow rates. It was shown that the onset of increased flow resistance
corresponds with the onset of flow instabilities and asymmetric flow behavior.
It was hypothesized that these are a result of flow induced viscoelasticity of
the fluid which increased due to extra induced contributions of the elastic and
elongational components of the flow. The strength of the SIS network controls
the magnitude of the flow resistance in the porous media.
There is still some considerable work to be done prior to field tests.
Business practice requires a ‘staircase’ of tests to ensure the greatest chance
of success (e.g. in Oman). Some of these steps are extensions of what has
already been reported in this thesis. For example we were able to manipulate the solution concentrations to still have effects at 40°C – this needs to
be further augmented to 60°C. A similar observation applies to salinity and
other components such as bicarbonates and sulphates which may interact with
micellar operation. Other items to be addressed include:
• Transport within large reservoir blocks: tracer studies comparing delivery against a standard such as potassium bromide to evaluate retention
times. A subsidiary study to evaluate this using UV spectroscopy in
transported solutions is planned for early 2017.
• Separate evaluation of a possible “tertiary” chemical EOR (i.e. surfactant effect on reduction of interfacial tension) effect as opposed to the
viscosifying surfactant considered in this study. The initial testing protocol has already been described in the reported two phase experiments
in carbonates but needs further extension.
• A related point to the foregoing one is the issue of poor performance
of carbonates. This could be soluble by moving to another part of the
Couette profile which would respond more favorably in carbonates.
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• We have not reported extensively on the tunability of the VES solutions
to particular permeability distributions in a reservoir. The same observation applies to other chemical combinations than the CTAB/NaSal
(molecules used for the viscoelastic surfactant solution used in this study)
which was the only one in this study.
• The assumption in this study has been that layers do not communicate
with one another. This is clearly not always realistic. Accordingly core
experiments with for example two different half cylinders connected at
their flat interfaces would give an indication of the behavior when cross
leakage happens.
• We have assumed a 2-D approach to reservoir flooding where in reality
this is a radial flow process from the well into the reservoir. This causes
flow divergence and a flow velocity dependent on the distance from the
well. This will have a strong effect on the in-situ behavior of the fluid
which needs to be taken into account.
The above constitutes a number of issues designed to make viscoelastic surfactants applicable to oil recovery. This field actually represents something of a novel departure from classical ‘enhanced oil recovery’. It is not
concerned with changing interfacial tensions - although as we have shown this
is a coincidental result. Nor are we explicitly aiming to affect fingering or
mobility as explained in the thesis. Rather we are aiming to overcome restrictions imposed by the rock matrix and fractures. These are the main cause
why typically only 1/3 of oil on average is recovered from a reservoir. One
thesis cannot address all items but it is trusted that it has been demonstrated
that viscoelastic surfactants present an opportunity as a novel technology to
improve recovery.
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Dykstra-Parsons method
In order to investigate the recovery potential of selective viscosifying fluids
in a heterogeneous reservoir, a simple method is employed [40]. The widely
used Dykstra-Parsons method assumes that a reservoir consists of N layers
without cross-flow between them [39]. Length L and constant pressure drop
∆P are the same for all layers. Variables include: absolute permeability (κi ),
porosity (φi ), frontal area (Ai ), recoverable oil (∆Si ) and end-point mobility
ratio (Mi0 ) (figure A.1).
∆P
L

layer N :

Injection

κN

φN

layer i :

κi

φi

layer 1 :

κ1

φ1

AN

Ai

A1

∆SN

∆Si

∆S1

Mi0

0
MN

Production

M10

Figure A.1: Representation of a heterogeneous reservoir used by the DykstraParsons method
To simplify this complex problem, the incompressible fluid displacement is assumed to be piston-like. This signifies that all the mobile oil is
removed once a section is swept by the displacing fluid. A visualization of a
single layer (i) can be seen in figure A.2. Here the gray area represents the oil
rich section of the layer whereas the white area has already been swept by the
displacing fluid. The position of the flow front (xi ) determines the contribu123

APPENDIX A. DYKSTRA-PARSONS METHOD

tion of the displacing fluid (∆Pi,dis ) and the oil (∆Pi,oil ) to the total pressure
drop (∆P ). All the mobile oil (∆Si ) is removed once a section is swept by the
displacing fluid.

∆Pi,oil

∆Pi,dis
Injection

(Si,or )

xi

Production

(Si,oi )

L

Figure A.2: Representation of a single homogeneous layer for the DykstraParsons method
The pressure drop for each layer consists of a contribution of the
displacing fluid (∆Pi,dis ) and a contribution of the oil (∆Pi,oil ). This results
in an equation for the total pressure drop over a layer dependent on the flow
front position. In combination with Darcy’s law for the two different phases
this becomes:
∆P = ∆Pi,dis + ∆Pi,oil = −ui,dis

µdis
0
κi,rdis κi

· xi − ui,oil

µoil
0
κi,roil κi

· (L − xi ) (A.1)

Equation A.1 contains the flow velocities (ui,dis , ui,oil ), viscosities
(µdis , µoil ) and end-point relative permeabilities (κ0i,rdis , κ0i,roil ) of the displacing fluid and the oil. Furthermore the absolute permeability (κi ) is used which
is equal over the entire length of layer i. This equation can be simplified further
by incorporating the assumptions made previously. Flow is incompressible and
piston-like, so ui = ui,dis = ui,oil . The actual flow front velocity is dependent
on the porosity (φi ) and the amount of mobile oil (∆Si ) and can be expressed
as:
dxi
dt
Combining equation A.1 and A.2 results in:
ui = ∆Si φi ·

dxi
ki
=−
dt
φi ∆Si

xi

∆P
i
+ L−x
λ0

λ0i,dis
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i,oil

(A.3)
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with,
λ0i,dis =

κ0i,rdis
µdis

λ0i,oil =

and

κ0i,roil
µoil

(A.4)

To further simplify the model we are interested in the flow front
position in each layer relative to a reference layer where the fluid travels fastest.
Every flow front position in the reservoir is then related to the position of the
flow front in the reference layer rather than a point in time. Therefore the
flow velocity in layer i is compared to that in a reference layer R, resulting in
equation A.5 (with Xi the dimensionless distance xi /L).
XR + MR0 (1 − XR )
dXi
= Fi
dXR
Xi + Mi0 (1 − Xi )

with,

Mi0 =

λ0i,dis
λ0i,oil

(A.5)

(A.6)

and,
Fi =

ki φR ∆SR λ0i,dis
kR φi ∆Si λ0R,dis

(A.7)

Reference layer R is chosen such that this layer has the highest conductivity (least resistance to flow, equation A.8) and thus break-through will
occur first (KR > Ki ). The conductivity of each layer can be found using the
following equation:
Ki =

ki λ0i,dis
φi ∆Si

1

1 + Mi0

(A.8)

Simple integration of equation A.5 leads to the dimensionless flow
front position Xi in each layer at flow front position XR in reference layer R):
ZXi
0



Xi +

Mi0 (1


− Xi ) dXi = Fi

ZXR

0


XR + MR0 (1 − XR ) dXR

(A.9)

resulting in three equations dependent on the value of the end-point mobility
ratio Mi0 ,
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Xi =

Mi0 −

q

Mi0

2

+ Fi 1 − Mi0
Mi0

 2


XR 1 − MR0 + 2MR0 XR

−1

(A.10)



1  2
1 − MR0 + 2MR0 XR
Xi = Fi XR
2


f or Mi0 = 1


f or Mi0 = Mr0 = 1

Xi = XR Fi


f or Mi0 6= 1

(A.11)
(A.12)

After break-through occurs there is still displacing fluid injected into
the most conductive layer. Therefore an imaginary flow front must be calculated which continues after break-through (Xi = 1). Reference layer R
becomes the next layer in which break-through occurs (2th most conductive
layer). The integral in equation A.9 changes to:
Z1



Xi +

Mi0 (1

0


− Xi ) dXi +

ZXi
1

ZXR


dXi = Fi
XR + MR0 (1 − XR ) dXR
0

(A.13)
resulting in,

Xi =

 1  2


1
1 − Mi0 + Fi XR
1 − MR0 + 2MR0 XR
2
2

(A.14)

Now the (imaginary) dimensionless position in each layer can be determined based on the position in the reference layer. This position can be
used as a measure to calculate the amount of injected pore volume (P Vinj ) by
dividing the injected volume (Vinj ) by the total pore space (Vvoid ):
N
P

P Vinj

Vinj
=
=
Vvoid

Ai φi ∆Si LXi

1
N
P

(A.15)
Ai φi L

1

As a result of the assumption that the flow is piston-like, the recovery
efficiency (Er ) can be calculated. This is the total amount of oil recovered (Np )
divided by the total amount of oil in place OOIP .
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N
P

NP
=
ER =
OOIP

1

φi Ai L(Xi − ∆Xi,im )∆Si
N
P

(A.16)

φi Ai LSi,oi

1

with,
∆Xi,im = Xi − 1

(f or Xi > 1)
(f or Xi ≤ 1)

∆Xi,im = 0
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Appendix B

Fracture permeability
calculation
Figure B.1 shows a single fractured core. The total flow through the fractured
f
core (Qtot
f c ) is a combination of both the flow through the fracture (Qf c ) and
m
through the porous matrix Qf c structure. Applying Darcy’s law gives the
following equation for the total flow rate.
f
m
Qtot
f c = Qf c + Qf c = −

κtot (Am + Af ) ∂P
µ
∂x

(B.1)

Af
Am

L

f
m
Qtot
f c =Qf c +Qf c

Fractured core
Figure B.1: Un-fractured core used during single phase experiments with brine
and VES solution
Here the total permeability κtot , fluid viscosity µ and the frontal area
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of the matrix (Am ) and the fracture (Af ) in combination with the pressure
gradient (∂P /∂x) give the total flow rate. Flow through the matrix and the
fracture individually can also be expressed using Darcy’s law:
Qm
fc = −

κm Am ∂P
µ ∂x

(B.2)

κf Af ∂P
µ ∂x

(B.3)

Qff c = −

Equation B.2 & B.3 are substituted into equation B.1 to result in:
κtot = κm

Af
Am
+ κf
Am + Af
Am + Af

(B.4)

The total frontal area (Atot ) of the fractured core is the sum of the
matrix and fracture frontal area (Am + Af ). The fracture surface area (Af )
is equal to the fracture volume fraction (φf ) times the total frontal area of the
core (Atot ):
Af = φf (Am + Af )

(B.5)

The matrix surface (Am ) is equal to the difference between the total
fractured core surface and the fracture surface area:
Am = Atot − Af = (Am + Af ) − φf (Am + Af ) = (Am + Af )(1 − φf ) (B.6)
Equation B.5 and B.6 can be substituted into equation B.4 resulting
in an equation for the total permeability based on the fracture volume fraction:
κtot = κm (1 − φf ) + κf φf
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Symbols
Roman
A
Dp
D
Dp
De
Ed
Er
Ev
f
F
Ff
K
L
Lc
M
N
Nc
Np
OOIP
P
PV ∗
q
Q
Rh
R
r
Re
Rf
Rr

Surface area
Particle diameter
Core diameter
Pillar diameter
Deborah number
Microscopic displacement efficiency
Hydrocarbon recovery
Macroscopic displacement efficiency
Fractional flow
Relative conductivity
Fractional flow through fracture
Consistency index
Length
Distance between perturbations
Mobility ratio
Amount of layers
Capillary number
Cumulative oil produced
Original oil in place
Pressure
Pore volume injected at break-through
Volumetric flow rate
Flow rate
Hydraulic radius
Radius
Position r-axis
Reynolds number
Flow rate ratio
Retardation ratio
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m2
m
m
µm
−
−
−
−
−
−
−
−
m
m
−
−
−
m3
−
Pa
m3
m3 /s
m3 /s
m
m
m
−
−
−

S
∆S
t
T
u
v
V
V
wf
x
Xi
Xp
Yp
z

Saturation
Recoverable oil
Time
Temperature
Interstitial flow velocity
Superficial Darcy velocity
Dykstra-Parsons coefficient
Volume
Fracture width
Flow front position
Normalized flow front position
Distance between pillars
Distance between pillars
Position z-axis

−
−
s
°C
m/s
m/s
−
m3
−
m
−
µm
µm
m

Greek
α
αi
γ̇
˙
κ
κi
κr
λ
Λ
µ
µ0
µmax
ρ
τc
τr
φ
φf
σ
Λ

Correction factor
Change of retardation ratio
Shear rate
Rate of deformation
Permeability
Absolute permeability
Relative permeability
Mobility
Resistance factor
Viscosity
Zero-shear viscosity
Maximum shear viscosity
Density
Characteristic time porous media
Relaxation time fluid
Porosity
Fracture void space
Surface tension
Resistance factor

−
−
s−1
s−1
m2
m2
−
m3 s/kg
−
Pa · s
Pa · s
Pa · s
kg/m3
s
s
−
−
N/m
−

Subscripts
app
Apparent
brine
Brine
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cr
dis
ex
el
f
fc
i
i
inj
m
max
mic
N
N ewt
oil
oi
or
Opr
p
r
R
s
sh
tot
uc
v
V ES

Critical
Displacing fluid
Extensional
Elastic
Fracture
Fractured core
Layer
Phase
Injected
Matrix
Maximum
Micro-channel
Last Layer
Newtonian
Hydrocarbon phase
Initial oil
Residual oil
Oil produced
Porous media
Relative
Reference layer
Solid matrix
Shear
Total
Un-fractured core
Void space
Viscoelastic surfactant

Superscripts
f
Fracture
hi
High
lo
Low
m
Matrix
tot
Total
0
End-Point
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